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Abstract. In this paper we propose an equilibrium model that allows to analyze subsidization
schemes to affect locational choices for generation investment in electricity markets. Our framework
takes into account generation investment decided by private investors and redispatch as well as
network expansion decided by a regulated transmission system operator. In order to take into
account the different objectives and decision variables of those agents, our approach uses a bi-level
structure. We focus on the case of regionally differentiated network fees which have to be paid
by generators (a so called g-component). The resulting investment and production decisions are
compared to the outcome of an equilibrium model in the absence of such regionally differentiated
investment incentives and to an overall optimal (first-best) benchmark. To illustrate possible
economic effects, we calibrate our framework with data from the German electricity market. Our
results reveal that while regionally differentiated network fees do have a significant impact on
locational choice of generation capacities, we do not find significant effects on either welfare or
network expansion.
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1. Introduction

In liberalized electricity markets, private firms decide on generation investment and operation
while regulated transmission system operators (TSOs)1 operate the network. In this environment,
locational choices of profit-maximizing private firms for generation capacity are significantly
driven by monetary incentives, i.e., expected revenues at different locations. Therefore, regionally
differentiated price signals are discussed as one possibility to govern the allocation of new generators
in order to induce locational choices for generation capacities closer to load centers.

Several possibilities are discussed to provide such regionally differentiated investment incentives.
One of these is to provide regional price signals via a system of nodal pricing – as it is used
in the United States, New Zealand, or Russia – or market splitting, which is established in the
Scandinavian countries. Both systems provide local price signals as spot market trading already
accounts for physical network constraints; see, e.g., Stoft (1997), de Vries et al. (2009), Holmberg
and Lazarczyk (2015), and Assembayeva et al. (2018). In case of network congestion between
nodes (in a system of nodal pricing) or between price zones (in a system of market splitting), prices
differ and, therefore, provide locational investment incentives. On the downside, spot market prices
are also regionally differentiated for consumers, which might result in regional disadvantages for
energy-intensive electricity consumers and in discrimination of end customers in high-price zones.
For the case of Germany, Haucap and Pagel (2013) argue that introducing one of these systems
would require huge modifications of the regulatory framework associated with high transition cost.2

Date: April 24, 2019.
1A list of all acronyms used throughout this paper can be found in Appendix A.
2In case of market splitting, the optimal specification of zonal boundaries is an important regulatory requirement;

see, e.g., Ambrosius et al. (2018a).
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Furthermore, it is often claimed that the impact of introducing price zones on welfare is only
moderate (see, e.g., Egerer et al. (2016), Grimm et al. (2017a), and Grimm et al. (2018b)) and that
even welfare losses may occur if zone boundaries are misspecified; see Grimm et al. (2016a). Finally,
it is often stated that market splitting or nodal pricing might lead to exercise of market power (see,
e.g., Borenstein et al. (2000), Borenstein et al. (2002), and Leuthold et al. (2008)).

These might be some of the reasons why many countries, especially in Western Europe, do not
account for physical network constraints at the spot market but instead establish hourly uniform
prices for the whole market area, e.g., France, Germany or the United Kingdom (UK). However,
various authors, among them Ding and Fuller (2005) and Bertsch et al. (2016) show that such a
uniform pricing system creates suboptimal investment incentives for generators as the firms’ profits
do not depend on their location. In order to still provide locational investment incentives for new
generation capacity, in the UK a regionally differentiated network fee for generators – a so-called
g-component – has been established.3

Frontier Economics (2008) assessed the effect of the g-component in the UK and conclude that
due to the British network fee regime new locations for gas- and coal-fired generation investment
have been chosen in the South which are closer to the load centers and alleviate network congestion.
They claim that under the assumption that the differentiation of the network fee follows the actual
network cost, location decisions of new generators can be considered as efficient as the generators
fully bear the cost that come along with their location decision.

In contrast to the UK, in Germany network fees are only paid by consumers (via a so-called
load- or l-component) and, thus, no locational investment incentives are provided by the current
regulatory framework.4 Consequently, von Hirschhausen et al. (2012) claim that a network fee regime
which only affects consumers implies that there is no possibility to send any signal to generators
regarding their impact on the cost of transmission. Therefore, they suggest to fix an average share
of the g/l-component in the European Union (EU) in order to avoid a distortion of competition.
An introduction of a regionally differentiated g-component for the German electricity market has
been proposed, e.g., by Frontier Economics (2008), Haucap and Pagel (2013), Monopolkommission
(2013), and Monopolkommission (2015).

In contrast to systems with nodal or zonal prices, in a system with uniform market prices but
with a differentiated g-component all consumers face the same market price, which is considered
as desirable in the ongoing policy debate in Europe. Furthermore, if a regionally differentiated
g-component is determined for a long period as it is the case in Sweden, investors of new generators
can anticipate the impact of their locational choices for new generation capacities on their network
fee charges with high financial security; see BNetzA (2007) and Haucap and Pagel (2013). If,
however, the g-component is adjusted over time as it is the case in the UK, this may have a negative
impact on the security of investment. In addition, Frontier Economics (2008) argue that choosing
an efficient g-component is not trivial as it is determined ex-ante by the regulator in anticipation
of its effects on generation investment and on the resulting network congestion. Therefore, every
calculation method for the g-component bears the risk of choosing suboptimal tariffs.

In general, a g-component could be charged either based on energy produced by the generators
(e/MWh) or based on their installed capacity (e/MW). However, in most countries which already
use a g-component the capacity-based version is established; see, e.g., the UK or Sweden. Further-
more, also in the discussion on the introduction of a g-component in the German electricity market
and in the related literature the capacity-based version is preferred; see, e.g., Pérez-Arriaga and
Smeers (2003), Camacho and Pérez-Arriaga (2007), or Monopolkommission (2015). Monopolkom-
mission (2015) argue that an energy-based g-component influences production in all periods, also
in times without network congestion. This could lead to distortions of production decisions, which
might then affect the investment incentives of generators in an inefficient way. Since, for example,
base-load generators produce in most of the periods, they will often be affected by the g-component

3The detailed regulation can be found in “Section 14 - Charging Methodologies” of the Connection and Use
of System Code (CUSC) provided by National Grid; see https://www.nationalgrid.com/uk/electricity/codes/
connection-and-use-system-code?code-documents.

4Besides Germany also other countries like Italy or the Netherlands only charge network fees from consumers; see
ENTSO-E (2018). However, a time-varying l-component could be established to incentivize a more flexible use of
electricity by energy-intensive consumers, e.g., heat generation; see Kirkerud et al. (2016).

https://www.nationalgrid.com/uk/electricity/codes/connection-and-use-system-code?code-documents
https://www.nationalgrid.com/uk/electricity/codes/connection-and-use-system-code?code-documents
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even if there is no network congestion. Peak-load generators, on the other hand, produce less
frequently and would, thus, be affected less by the g-component. An energy-based g-component does
therefore not have the same effect on all conventional generation technologies. Instead, base-load
generators are overincentivized while peak-load generators are significantly less affected.

Motivated by the ongoing discussion on the introduction of a g-component for the German
electricity market and in other European countries in the scientific community and in politics, we
analyze the impact of introducing a g-component on locational choices for generation investment
and on efficiency of the overall electricity system based on data for the German market. To assess
the impact of market designs on generation and transmission expansion in liberalized electricity
markets under a system with uniform market prices, Grimm et al. (2016b) introduced a tri-level
optimization model where a regulated TSO decides on network investment at the first level and
anticipates private generation expansion and spot market trade under zonal pricing at a second
level. Possible network congestion is then resolved via cost-based redispatch by the TSO at a third
level. The authors provide a reformulation of this approach that results in a bi-level model which
they apply to two test networks from the literature. In Grimm et al. (2018b), the model is adjusted
to real-world electricity markets, e.g., by considering generation expansion and decommissioning,
renewable energy production, and spot market trading with neighboring countries.

In fact, this paper is the first to analyze the impact of a g-component on market performance
(i.e. welfare, generation location and sport market prices) in market designs with a uniform
price electricity market. For this purpose, we expand the reformulated bi-level Generation And
Transmission Expansion (GATE) model by Grimm et al. (2018b) such that it can be used to assess
the impact of a regionally differentiated g-component. In our analysis, we compare the outcomes
of a uniform pricing system without a g-component to the outcomes of several scenarios in which
a g-component is implemented. As a first-best benchmark we determine the optimal outcomes
of a nodal pricing system, where potentially arising regional price differences provide long run
investment signals.5 To provide economically and politically relevant statements based on our
computation, we calibrate our framework for the German electricity market. Germany is well suited
for such a case study as significant changes in the generation mix occur due to the energy transition.
Many other electricity markets around the world will face similar challenges in the near future.

We find that the introduction of a regionally differentiated g-component does not have the
potential to significantly increase welfare. Even an optimally chosen g-component, which would
locate all generation capacities at the system-optimal locations, could only achieve moderate
welfare gains. A misspecified g-component can even be counterproductive and lead to welfare
losses. Moreover, our results show that not only the location of generation capacities is of decisive
importance for the efficiency of the system, but more importantly their operation. With a capacity-
based g-component for conventional generators, no additional short-run production incentives
for generators occur. Therefore, such a g-component is not able to solve the problem of missing
regionally differentiated price signals under a uniform pricing system.

We contribute to the existing literature on locational investment incentives for private firms
in liberalized electricity markets. Haucap and Pagel (2013) propose and qualitatively discuss
three possible regulatory frameworks which are supposed to incentivize private firms investment at
the right location: Market splitting with the special case of a nodal pricing system, a system of
market-based redispatch, and a network fee for generators.6 While effects of the other proposed
options on generation and transmission expansion are already extensively analyzed in literature,
see, e.g., Garcés et al. (2009), van der Weijde and Hobbs (2012), and Jenabi et al. (2013) for a
system of nodal pricing, Grimm et al. (2015), Grimm et al. (2016a), and Grimm et al. (2018b) for
a system of market splitting, and de Vries and Hakvoort (2002), Inderst and Wambach (2007),
Holmberg and Lazarczyk (2015), and Grimm et al. (2018a) for market-based redispatch, this is not
the case for the introduction of a g-component.

5Under the assumption of perfect competition, it can be shown that a nodal pricing system leads to optimal
investment incentives and that market outcomes coincide with the system optimum (first-best benchmark), where
total system costs are minimized; see Hogan (2002), Garcés et al. (2009), and van der Weijde and Hobbs (2012).

6Under market-based redispatch, endogenous redispatch prices are determined in a market environment, which
allows firms to realize profits.
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CESI (2003), Olmos and Pérez-Arriaga (2009), Brandstätt et al. (2011), and Haucap and Pagel
(2013) argue that the introduction of a regionally differentiated g-component might incentivize
system-friendly generation investment by private firms. Cossent et al. (2009) suggest that generators
in distribution networks should pay a network fee in order to compensate distribution system
operators for the costs which occur due to the electricity which is fed into their networks. Therefore,
van der Welle and de Joode (2011) propose time-differentiated use-of-system charges for generators.
However, all of these comparative articles on the g-component rely on a qualitative analysis. To the
best of our knowledge, there is no literature that quantifies the impact of a regionally differentiated
capacity-based g-component on private generation investment and regulated network expansion in
a uniform pricing system with subsequent redispatch, as we do in this paper by using a computable
equilibrium model.

This paper is organized as follows: Section 2 introduces necessary assumptions and the model
used throughout this paper. Section 3 presents the data for the German electricity market and
the different market designs which are considered in our analysis. In Section 4, we analyze the
computational results for the German electricity market and discuss the limitations of the applied
approach. Finally, in Section 5 we summarize our findings and derive policy implications.

2. Model

We start this section by providing helpful background information on the German and the
European electricity market and by introducing and justifying necessary model assumptions, see
Section 2.1. Afterwards, in Section 2.2 we motivate the use of long-run electricity market models
and explain the model structure of the Generation And Transmission Expansion (GATE) model,
see Grimm et al. (2016b), that is used throughout this paper. Section 2.3 describes the solution
approach for the GATE model. In Section 2.4, we present an integrated planner approach, which
we use as a first-best benchmark. Finally, in Section 2.5 we present an approach for determining
a regionally differentiated g-component and we outline the necessary adjustments of the GATE
model.

2.1. Background. In liberalized electricity markets decisions on generation expansion and network
expansion are made by different agents.7 Generation expansion is decided by private firms, whereas
regulated transmission system operators decide on network expansion.8
Electricity is nowadays traded at the European Energy Exchange (EEX) for Germany, France,
Austria, and Switzerland. The EEX is operated as an energy-only market. After the daily trading,
TSOs are informed about the allocation for each quarter of an hour and check if the dispatch is
feasible.9 In case of network infeasibilities, generators are redispatched, which means that the
production is reorganized in the following way: parts of the production before the congested network
line are reduced whereas the production behind the congested network line is increased. In order to
compensate the affected generators, Germany and most of the European countries use variants of
cost-based redispatch.10

Upon EEX trading, the individual European countries represent separate price zones. Within
the framework of so called market coupling, the physical interconnection of countries is taken
into account by available transfer capabilities (ATCs). The spot market prices of interconnected
countries differ whenever the ATCs are insufficient to realize all cross-country trades.
In this paper we use a multi-level model in order to assess the impact of a regionally differentiated
g-component on generation and network investments. In particular, this multi-level model reflects
the market environment illustrated in Figure 1.

7In Germany, the regulatory framework is given in the German Energy Act (EnWG) §6-10
8In the German network expansion planning process, a group of market participants, including the Bundesnetza-

gentur and the German TSOs, determine a scenario framework for the considered year of their analysis. Based on
the forecasts of this framework, traded quantities are determined by a short-run market simulation. The resulting
quantities are used as an input for exact electrotechnical power flow simulations, which are the basis for determining
the necessary network expansion.

9A forecast for demand and for the production of renewable energies is applied.
10Generators called into production receive only their variable cost as compensation. Generators whose production

is (partly) reduced keep their revenues from spot market trading, but they have to pay saved expenses to the TSO.
Thereby, cost-based redispatch does not lead to additional profits for generators.
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Figure 1. Timing of the network and generation expansion in a stylized setup

In our model, a regulated TSO11 decides on welfare maximizing network expansion at a first
stage.12 The TSO anticipates private firms’ decisions on generation capacity expansion and
decommissioning and T periods of spot market trading13 with subsequent cost-based redispatch.
Profit maximizing private firms anticipate their marginal returns of T time periods of trading
electricity at the spot market while deciding on their generation investment and decommissioning.14

In case g-components are charged by the TSO, generators do not only have to consider their
investment and operational cost when deciding on capacity expansion and decommissioning but
also the g-component they have to pay for the resulting capacity. In order to keep the equilibrium
model tractable we have to assume perfect competition at the spot market.15 The market outcome
at each time period of spot market trading is determined under a uniform pricing system according
to the merit order principles, whereby we assume that spot market trading is independent over
time.

2.2. The Generation And Transmission Expansion (GATE) model. Grimm et al. (2016b)
capture the timing in Figure 1 including the interconnection of decisions in Figure 3 in a tri-level
model, where the single levels are interconnected, as follows: At the first level, the TSO decides on
welfare maximizing network expansion anticipating the outcomes of all subsequent levels. At the
second level, profit maximizing private firms decide on generation capacities and trade in T periods
of spot market trading with fluctuating elastic demand. Minimizing redispatch cost for T time
periods of spot market outcomes under the previously chosen network and generation expansion is
modeled in the third level. Grimm et al. (2016b) reformulate the tri-level model as a bi-level model
by using the fact that cost-based redispatch has no influence on the profits and, therefore, on the
decisions of private firms on the second level. Grimm et al. (2018b) point out that the reformulation
of the tri-level model into the bi-level model still holds under adjustments that are necessary to
capture real world conditions of liberalized electricity markets. We restrict the following description
on the reformulated bi-level model presented in Grimm et al. (2018b). A schematic illustration of
the numerical implementation as a computable bi-level equilibrium model is shown in Figure 2.

11Due to the regulation of TSOs by the state, we assume welfare maximizing behavior. Hence, we pool local
TSOs to one regulated TSO who is responsible for the complete network.

12As network expansion is a long-run decision, it is supposed that these investment decisions are done once at the
beginning of the considered time period. Note that comparability to other cost values occurs by using net present
values.

13We assume that in each time period the complete electricity is traded at the day-ahead spot market, which can
be justified by the assumption of perfect competition and perfect foresight.

14As generation investment and decommissioning decisions are long-run decisions, it is supposed that these
decisions are done once. Note that comparability to other cost values is guaranteed by using net present values.

15The integrity of assuming perfect competition is widely discussed for short-run models in the literature, without
finding a definite evidence; see Green and Newbery (1992), Wolfram (1999), Joskow and Kahn (2001), Borenstein
et al. (2002), Bushnell and Saravia (2002), or Müsgens (2006). However, the assumption of perfect competition at
the market is commonly used in most of the related electricity market literature; see, e.g., Boucher and Smeers (2001)
or Daxhelet and Smeers (2007).
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1st Level: Network Expansion and Redispatch
TSO choses line investment and redispatch quantities in order to

max social welfare (regulated TSO)
s.t. 1st Kirchhoff’s law

2nd Kirchhoff’s law
phase angle of reference node
transmission capacities
generation capacities
interdependencies of spot market and redispatch quantities
variable restrictions

2nd Level: Generation Expansion and Spot Market Trade
Firms chose generation capacities and spot market quantities in order to

max profits (competitive firms)
s.t. 1st Kirchhoff’s law (interzonal for neighboring countries)

market coupling flow restrictions for neighboring countries
generation capacities
variable restrictions

Figure 2. Schematic representation of the bi-level model

2nd Level: Generation Expansion and Spot Market Trade. At the second level, private
firms decide on investment in conventional generation capacities and on decommissioning of conven-
tional generation capacities at each network node within the considered country and participate
at the spot market in all time periods. The objective of private firms is to maximize their profits.
Network constraints within the considered country are neglected under a uniform pricing system.
In what follows we will describe all restrictions which are taken into account by private firms while
making their decisions:
The considered market area is coupled with all neighboring countries. Thus, market coupling flow
restrictions are included in our model. If transmission capacity between countries is not sufficient,
market coupling will lead to price differences; see, e.g., Hogan (1999) and Oggioni and Smeers
(2013). Exogenously determined ATCs f̄atc

l for each inter-zonal network line l ∈ Linter restrict the
traded quantities f spot

t,l between the considered country and the neighboring countries in context of
market coupling. A zonal version of the 1st Kirchhoff’s law ensures that for each time period the
demand in one country equals production in this country plus flows into minus flows out of the
country.16

For each time period t ∈ T at each network node n ∈ N in within the considered country, consumers
have a non-negative, elastic demand dspot

t,n , which is modeled by a linear, inverse demand function
pt,n(dspot

t,n ) = at,n− bndspot
t,n . This reflects the case that consumers are able to adjust their demand to

fluctuating market prices. The demand function of each network node n ∈ Nout that belongs to a
neighboring country is given by a linear, inverse residual demand function pt,n(dspot

t,n ) = at,n−bndspot
t,n ,

which describes the demand for import or export of the respective country.17 A negative demand
in a neighboring country occurs in case of export and a positive demand implies that a neighboring

16Note that the dual variables corresponding to the equations of the zonal version of the 1st Kirchhoff’s law
reflect the hourly zonal spot market prices.

17For further details on the consideration of market coupling with neighboring countries in the model, see Grimm
et al. (2018b). Grimm et al. (2017c) identify conditions on demand functions, cost functions, and the network model
that are necessary to avoid multiplicities and to ensure existence of a solution.
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country imports electricity.18 The hourly production of renewable technologies (wind, solar, and
running water) and heat-driven combined heat and power (CHP) generators has marginal cost of 0
and is exogenously given whereas the production yspot

t,g of each conventional generator (marginal cost
is denoted by cvar

g ) is determined endogenously subject to upper bounds given by the generation
capacity and the equivalent availability αg of the generator.
The generation capacities of conventional generation technologies depend on investment and de-
commissioning decisions of private firms. For all existing generators g ∈ Gex

n , the generation
capacity is determined by the difference of an exogenously given generation capacity ȳex

g and the
decommissioned capacity ȳdec

g , whereby decommissioning will occur if the operational cost cop
g of

an existing generator g ∈ Gex
n is higher than the anticipated marginal revenues gained by spot

market trading. For all candidate generators g ∈ Gnew
n , the generation capacity is determined

by the respective generation capacity investment ȳnew
g , which will be installed if the anticipated

marginal revenues gained by spot market trading cover the investment cost cinv
g .19 The installed

capacity ȳre
e of solar and wind generators e ∈ EEn at node n ∈ N in is set to a fixed value, further

expansion or decommissioning of wind and solar capacities is not considered. However, investment
cost cree incurs for the whole installed wind and solar capacity ȳre

e .20

To summarize, at the second level private firms decide on profit maximizing generation investment,
generation decommissioning, and production quantities, where production quantities depend on
demand, available generation capacities, and on transmission constraints in context of market
coupling. Grimm and Zöttl (2013) show that under the assumption of perfect competition, profit
maximization of private firms at the spot market coincides with maximizing welfare. We can,
therefore, equally maximize social welfare ψ2, which is given by the difference of gross consumer
surplus from all spot market periods and investment cost, operational cost as well as marginal cost
of private firms:

ψ2 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dspot
t,n

0
pt,n(ξ) dξ

)
−
∑
n∈N in

∑
e∈EEn

cree ȳ
re
e

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yspot

t,g +
∑

g∈Gnew
n

cinv
g ȳnew

g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g )

 (1)

1st Level: Network Expansion and Redispatch. At the Network Expansion and Redispatch
Level, a regulated TSO (i) decides on network expansion and (ii) implements cost-based redispatch
for all time periods t ∈ T in which the traded spot market quantities do not lead to feasible
network flows anticipating all decisions of the Generation Expansion and Spot Market Trade Level.
As the TSO is regulated, he is assumed to maximize welfare of the electricity system. When
deciding on network expansion of candidate lines l ∈ Lnew and redispatch, the TSO considers the
full transmission network21 with all its physical power flow restrictions as well as the generation
capacities.
The transmission flow restriction ensures that in each time period t ∈ T the power flow ffinal

t,l at

18Thus, the gross consumer surplus at each network node n ∈ (N in ∪Nout) is given as the integral of pt,n over
[0, dspot

t,n ].
19In case of investment in CHP and lignite generation capacity there are upper bounds at each network node.

For newly installed generators g ∈ Gnew
n no additional operational cost cop

g occurs since it is already included in the
investment cost cinv

g .
20Until the year 2035, the already existing wind and solar capacities have to be repowered, which is why the

investment cost also incurs for already existing capacities.
21The transmission network G = (N ,L) consists of a set of nodes n ∈ N which are connected by transmission

lines l ∈ L. The set of network nodes n ∈ N consists of two disjoint sets, that means N = N in ∪ Nout, where
nodes within Germany are denoted by N in and nodes in the neighboring countries are denoted by Nout. The set of
network lines L = Lex ∪ Lnew is divided in existing lines Lex and candidate lines Lnew for network expansion. The
investment cost for candidate line l ∈ Lnew is denoted by cinv

l . Physically, each line l ∈ L is characterized by its
maximal thermal capacity f̄l and its susceptance Bl.
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each line l ∈ L = Lex ∪Lnew does not exceed the thermal capacity f̄l.22 Beside this, physical power
flow restrictions are modeled according to the Kirchhoff’s laws. The 1st Kirchhoff’s law ensures
power balance at each network node n ∈ N in each time period t ∈ T and determines the power
flows in and out of the respective node. The 2nd Kirchhoff’s law determines the distribution of
the residual load at network node n ∈ N over its adjacent transmission lines. We model the 2nd
Kirchhoff’s law according to the linear direct current (DC) lossless approach presented in Schweppe
et al. (1988), which enables us to endogenize the network expansion of candidate lines l ∈ Lnew

by introducing a binary variable zl in the model. Since the TSO cannot influence private firms’
decisions concerning generation investment ȳnew

g and decommissioning ȳdec
g , the TSO takes these

decisions as given.
In order to eliminate remaining grid bottlenecks, the TSO is allowed to conduct positive and negative
generation redispatch y+

t,g and y−t,g of conventional generators as well as positive and negative load
shedding, i.e., d+

t,n and d−t,n.23 Generation redispatch is remunerated via a cost-based approach
as follows: Generators called into production by y+

t,g receive their variable cost as compensation.
Generators whose production is (partly) reduced by y−t,g keep their profits from spot market trading,
but have to reimburse saved marginal cost to the TSO. Generation after redispatch is denoted by
yfinal
t,g , demand after load shedding is denoted by dfinal

t,n .
Note that redispatch and load shedding are generally viewed as last resort measures. In principle,
network expansion should be designed in such a way as to avoid bottlenecks. Since our model,
however, considers only a limited number of line candidates (in order to keep the model numerically
tractable), not all potential infeasibilities can be resolved through line expansion.24 Remaining
bottlenecks are solved through redispatch and/or load shedding. In order to model the fact that
these are only last resort measures, we introduce high penalty cost for generation redispatch cred

and for positive and negative load shedding, i.e., c+ and c−. Thus, these measures will only be
used if they are the only option to avoid infeasability.
To summarize, depending on the location of generation capacities and consumers and on the
investment and operational decisions of generators, the TSO expands the transmission network in
order to maximize social welfare ψ1 and conducts cost-based redispatch and/or load shedding for all
time periods t ∈ T in which the traded spot market quantities do not lead to feasible network flows.
Welfare is given as the difference of gross consumer surplus of all time periods after load shedding
and investment, operational and marginal cost of private firms as well as network investment cost
of the TSO and penalty redispatch and load shedding cost:

ψ1 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dfinal
t,n

0
pt,n(ξ) dξ

)
−
∑

l∈Lnew

cinv
l zl −

∑
n∈N in

∑
e∈EEn

cree ȳ
re
e

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yfinal

t,g +
∑

g∈Gnew
n

cinv
g ȳnew

g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g )


−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cred(y+
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 (2)

A detailed presentation of the GATE model can be found in Section 1.2 in the Online Supplement.25

22We approximately fulfill the (n− 1)-criterion, which is required for network expansion planning, by setting the
thermal capacity to 80% of the real thermal capacity of the respective line; see, e.g., Kunz and Zerrahn (2015) and
Weigt et al. (2010).

23In Germany, e.g., the regulatory framework for load shedding is given by the Agreements Concerning Interruptible
Loads (AbLaV (2016)).

24In our analysis, we only consider the 15 proposed high-voltage direct current (HVDC) lines of the network
development plan 2014 (see Übertragungsnetzbetreiber (2014a)) as line expansion candidates, while we do not
account for the proposed alternating current (AC) lines.

25Note that the GATE model can also incorporate further aspects, such as, e.g., flexible industrial demand;
see Ambrosius et al. (2018b). However, we omit this option here in order not to increase complexity. It would
qualitatively not affect our results.
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2.3. Solution approach. Figure 3 illustrates the interdependencies of the timeline in Figure 1
in detail: Private firms’ generation investment and decommissioning decisions are independent
of the investment in network capacity by the regulated TSO. Investment in generation capacity
and generation capacity decommissioning only depend on the anticipated market outcomes at the
spot markets.26 In contrast, network expansion by the regulated TSO depends on the anticipated
generation investment and decommissioning, the anticipated operational decisions of the generators,
and the redispatch quantities. The necessary cost-based redispatch after each period of spot
market trading depends on the previous network expansion, the previous generation investment
and decommissioning, and the respective spot market outcome itself.

Network
expansion
(TSO)

Generation capacity
investment and

decommissioning (firms)

Spot market
trading
(firms)

Cost-based
redispatch
(TSO)

y spott,g , d spott,g

ynew
g , ydec

g

zl
yfinal

t,g

dfinal
t,n ,

y
new
g

, y
dec
g

ynew
g ,

ydec
g

pt,n,
yspot

t,g

yspot
t,g , dspot

t,g

Figure 3. Interdependencies of decisions

Since private firms’ decisions do not depend on the decisions of the regulated TSO , the two
levels can be solved sequentially, beginning with the Generation Expansion and Spot Market Trade
Level and then solving the Network Expansion and Redispatch Level with fixed variables from the
Generation Expansion and Spot Market Trade Level.27

However, penalty cost for congestion management prevents the welfare value from being meaningful
and comparable. In order to receive a comparable and meaningful welfare value, the Network
Expansion and Redispatch Level is solved in two iterations. The first iteration includes high penalty
cost for redispatch in order to determine the network expansion in accordance with the principles
of network expansion planning; see Übertragungsnetzbetreiber (2012). In the second iteration, the
network expansion of the first problem is fixed and penalty cost for redispatch is set to 0 e/MWh.
Since load shedding is not meant to be an alternative to redispatch, the penalty cost for load
shedding is taken into account in both iterations and is only corrected ex-post to determine a
comparable welfare value; see also Grimm et al. (2018b), Section 4.3.

2.4. The Integrated Planner Approach as a First-Best benchmark. In this section we
briefly sketch a closely related optimization problem, the Integrated Planner Approach, which is a
standard approach in electricity market literature in order to determine the system optimum.28

The formulation described here is slightly adapted from the Integrated Planner Approach in Jenabi
et al. (2013).

26Since cost-based redispatch does not lead to additional profits for generators, generation investment and
decommissioning is independent of cost-based redispatch.

27In case several generators have identical investment, operational, or marginal cost, the solution of the Generation
Expansion and Spot Market Trade Level does not have to be unique anymore; see Grimm et al. (2017c). Therefore, a
tie-breaking rule has to be applied which implements a reasonable solution. If investment cost and marginal cost of
candidate generators are identical, expansion will be proportional to the respective capacity limit ȳub

g . Expansion
will be identical if no capacity limit exists. If operational cost and marginal cost of existing generators are identical,
decommissioning will be proportional to the respective capacity. Finally, if candidate generators which have been
expanded or existing generators which have not been decommissioned have identical marginal cost, their hourly
generation will be proportional to their respective capacity.

28In literature, there are several different formulations of the Integrated Planner Approach; see, e.g., Capros et al.
(2011), Schaber et al. (2012), and Huber et al. (2015).
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A regulated social planner simultaneously decides on investment ȳnew
g and decommissioning ȳdec

g of
generation capacities at all network nodes n ∈ N in, on network expansion zl ∈ {0, 1} of candidate
lines l ∈ Lnew, and the dispatch of consumption and production quantities for all time periods
t ∈ T in order to maximize social welfare. Therefore, the integrated planner directly accounts
for all physical power flow restrictions as well as for generation capacity limits and consumption
at the same level:29 Kirchhoff’s 1st and 2nd law and the transmission capacity restrictions are
modeled in analogy to the Network Expansion and Redispatch Level in Section 2.2, demand as well
as generation constraints are modeled in analogy to the Generation Expansion and Spot Market
Trade Level in Section 2.2.
To summarize, the integrated planner simultaneously faces all physical and technical restrictions
mentioned above while maximizing social welfare ψIP, which is given by the difference of gross
consumer surplus and the investment cost of network expansion as well as the marginal, operational,
and investment cost of the generators:

ψIP =
∑

n∈N in∪Nout

∑
t∈T

(∫ dt,n

0
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−
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re
e

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yt,g +

∑
g∈Gnew

n

cinv
g ȳnew
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 (3)

It can be shown that under perfect competition, the solution of the Integrated Planner Approach
coincides with the solution of a liberalized electricity market under a nodal pricing regime; see
Hogan (2002), Garcés et al. (2009), and van der Weijde and Hobbs (2012).30 A detailed description
of the Integrated Planner Approach can be found in Section 1.3 in the Online Supplement.

2.5. Calculation of the g-component and adjustment of the GATE model. In this section
a regionally differentiated network fee for producers (g-component) is determined and integrated into
the GATE model. The g-component is implemented capacity-based.31 We expect the introduction of
such a g-component to have an impact on local investment decisions. However, such a g-component
does not provide short-run production incentives under a uniform pricing system.
In the following, we derive the g-component from a nodal pricing solution. Our approach implies
subsidies for capacity at nodes where less capacity would be installed under a uniform price than
under a nodal price system, and additional fees otherwise. Alternatively, we could have adapted
an approach used in practice, e.g., in the UK. The UK approach, however, is very complex and
requires several calculation steps as well as balancing mechanisms.
In the UK, the g-component is determined in regular intervals by using a network flow model
which considers transmission lines and data on production, demand, and capacities. By varying
production and demand quantities at the respective nodes, effects on power flows are estimated.
The power flow variations indicate the impact of the different nodes on necessary network expansion
and associated investment cost.
A calculation of the g-component according to the UK methodology has also been tested and led
to qualitatively similar effects as the g-component in this paper. Therefore, it will not be further
discussed in the following.
The following describes the exact procedure for determining the g-component. For each time
period t ∈ T , we use the nodal price pt,n at each network node n ∈ N in to derive an hourly
quantity-weighted average price pavg

t over all nodes. A network node n ∈ N in that exhibits a
positive difference between the average price pavg

t and the nodal price pt,n is assumed to be a region

29Thus, a multi-level formulation is not necessary. Instead, the Integrated Planner Approach is solved as a
single-level optimization problem. Therefore, we do not need superindices "final" or "spot" for yt,g , dt,n, and ft,l in
the Integrated Planner Approach.

30Nodal prices are reflected by the dual variables corresponding to the equations of the 1st Kirchhoff’s law of
the single-level Integrated Planner Approach. We finally point out that the Integrated Planner Approach models
the situation of electricity markets before the liberalization, when integrated transmission and generation operators
operated both the network and the generators as regional monopolists; see, e.g., Gallego et al. (1998).

31The reasons for determining the g-component based on installed capacity are outlined in Section 1.



ZONAL GENERATION TARIFF 11

with excess production. In contrast, a network node n ∈ N in with a negative difference is supposed
to be a region with excess demand. Equation (4) specifies the g-component gn in e per installed
MW capacity for each node, which is given by the sum of all differences between pavg

t and pt,n
during the considered time period:

gn =
∑
t∈T

(pavg
t − pt,n) (4)

All existing generators g ∈ Gex
n receive the regional g-component gn from the TSO in case it

is negative or pay the regional g-component gn to the TSO in case it is positive for each MW
of installed capacity that is not decommissioned. Candidate generators g ∈ Gnew

n pay or receive
the regional g-component gn for each newly installed MW of capacity. This results in additional
revenues or expenses for the TSO, which are allocated equally to total consumption via the charged
network fee. G-component revenues reduce consumers’ network fee while expenses increase their
network fee.
Multiplying the g-component gn with a factor β ∈ [0, 1] allows to adjust its impact on generation
investment and decommissioning decisions in the context of a sensitivity analysis. Since private
firms consider the g-component βgn in their investment and decommissioning decisions as additional
expenses or revenues, respectively, the objective function of the Generation Expansion and Spot
Market Trade Level has to be adjusted in all scenarios where a g-component is implemented:

ψ2 =
∑
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 (5)

Note that the g-component is only relevant for the objective function of the Generation Expansion
and Spot Market Trade Level but not for the objective function of the Network Expansion and
Redispatch Level. The reason for this is the following: At the Generation Expansion and Spot Market
Trade Level, private firms face additional expenses or revenues by the respective g-component, which
influence their decisions. However, as the g-component represents a transfer between the TSO and
private firms which does not change the total welfare of the electricity system, no adjustments have
to be made for the objective function of the Network Expansion and Redispatch Level.
Since the g-component only affects the investment cost of new generators and the operational cost
of existing generators, it does not affect any restrictions of the Generation Expansion and Spot
Market Trade Level or the Network Expansion and Redispatch Level. Finally, observe that choosing
a factor β = 0 corresponds to the case where no g-component is implemented.

3. Data Basis and Scenarios

In this section we present the data used to calibrate the model and the scenarios analyzed in
this paper.

3.1. Data. We use the German electricity market in order to discuss the impact of introducing a
g-component. Germany is well suited for such a discussion due to the huge increase of renewable
energy production over the last years. Many other electricity sectors around the world will face
similar challenges in context of the energy turnaround: The most productive locations of renewable
technologies do not coincide with the consumption centers. Conventional generators, which are
located near the consumption centers will be switched off, e.g., nuclear and coal-fired generators.
Therefore, to prevent an extensive expansion of network, incentives are needed to guide locational
decisions concerning conventional generation expansion and decommissioning.
The scenario framework of the German TSOs, see Übertragungsnetzbetreiber (2014b), provides
extensive data that can be used to set the numerical results into context. The scenario framework is
the basis for the preparation of the network development plan (NDP), see Übertragungsnetzbetreiber
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(2016), and presents several scenarios. We will use scenario B 2035 which reflects the forecast
until the year 2035 as we calibrate our model with parameters reflecting the year 2035. The
reason for choosing scenario B 2035 is that the year 2035 will be a representative year in the
lifespan of generators and network if their installation is initiated today. The other scenarios in
Übertragungsnetzbetreiber (2016) only forecast the year 2025, which would be a too short period
of time for our analysis. Whenever possible, we use data from Übertragungsnetzbetreiber (2014b)
and Übertragungsnetzbetreiber (2016). For a more detailed data description see Section 2 in the
Online Supplement.

3.2. Scenarios. In the following we outline the scenarios analyzed in this paper. In order to
assess the efficiency of regionally differentiated g-components for the German electricity market, we
compare the g-component scenarios with two benchmark cases, the current market design, ME,
and the system optimum, FB.

(ME): Scenario ME (market equilibrium) essentially describes the current framework of the
German electricity market. The decisive aspect is that throughout the entire market area (Germany)
electricity is traded under a uniform pricing system. Neighboring countries are separate price
zones which are interconnected via market coupling.32 Private firms’ generation investment and
decommissioning decisions are made in anticipation of an electricity market with uniform prices
throughout Germany and cost-based redispatch ex-post spot market trading. Hourly production
and consumption quantities are determined at the spot market.
We consider renewable energy generators as must-run technologies. Therefore, they cannot be
curtailed at the spot market in case of negative market prices or ex-post spot market trading
as a means of congestion management to alleviate network congestion. While planning network
expansion, the TSOs anticipate generation capacity investment and decommissioning as well
as the operation of the generators. TSOs, however, are not allowed to anticipate congestion
management, i.e., redispatch or renewable curtailment, during the planning of network expansion;
see Übertragungsnetzbetreiber (2013) and Übertragungsnetzbetreiber (2014a).
We implement the current market design ME of the German electricity market by the bi-level
optimization problem presented in Section 2.2 and Section 1.2 in the Online Supplement.

(FB): As a first-best benchmark, in FB (first best) we derive the system optimum of the
considered electricity market. The model results are derived from the global optimization of the
analyzed power supply system. In the considered model framework, the welfare optimal solution
can be implemented by a nodal pricing system. In such a system, nodal prices are determined,
which reflect bottlenecks in the transmission network. Since bottlenecks are already taken into
account while electricity is traded, redispatch is not necessary any more.
By comparing the results of alternative market designs with FB, we are able to analyze the
efficiency of these adjustments. In order to determine a comparable welfare value for FB, it has to
be ensured that the same rules for renewable energies are applied with regard to curtailment as in
ME. Note that the total efficiency potential of the analyzed power system is determined by the
difference between the welfare values of FB and ME.
We implement the system optimum FB by the Integrated Planner Approach in Section 2.4 and
Section 1.3 in the Online Supplement.

(MEGβ): Scenario MEGβ analyzes the effects of a regionally differentiated g-component on
investment in network infrastructure and generation capacity under a uniform pricing system. We
calculate the g-component according to the approach presented in Section 2.5 by using the nodal
prices which result from solving scenario FB. Scenario MEGβ is implemented for different values of
β according to the adjusted GATE model; see Section 2.5.

(MEFB): Introducing a g-component is a market design that is expected to result in more system
friendly generation expansion and decommissioning decisions. However, although our approach
for the calculation of the g-component gn is based on nodal prices of scenario FB, MEGβ does not

32Austria and Germany form a joint price zone.
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lead to the system optimal generation capacities of scenario FB as a capacity-based g-component
does not provide regionally differentiated price signals for short-run operation. Therefore, we want
to compare the outcomes of scenario MEGβ to a scenario without a g-component but where the
generation expansion and decommissioning is fixed to the optimal solution of FB. Scenario MEFB
assumes the same allocation and technology selection for conventional generation capacities as
scenario FB.33 Apart from that, the framework of scenario ME is valid.

4. Results

In this section, we outline the results of the scenarios in Section 3.2 in detail in order to develop
an assessment of the impacts of the introduction of a g-component on electricity markets. We
implemented the models in GAMS and solved the problems using Gurobi 7.0.2. All calculations
were performed on a four core computer equipped with 16 GB RAM. The first iteration of all (ME)
scenarios (with penalty cost for redispatch) was solved in less than 1h30min. The second iteration
(with network expansion fixed to the solution of the first iteration and without penalty cost for
redispatch) of the (ME) scenarios was solved within 5min. The Integrated Planner Approach FB
was solved in less than 17min.

4.1. Comparison of market designs. The main results are presented in Table 1. Table 1 shows
the impact of regionally differentiated g-components on welfare, line investment, and the corrected
average price pcorr, which is the sum of the quantity-weighted average spot market price pavg,
a network fee, and a renewables (RES) fee. The network fee is determined by dividing the net
network cost of the TSO by the total yearly electricity consumption. The network cost contain
the maintenance cost of the existing transmission network given by a constant parameter which is
identical for each market design, the investment cost for network expansion, and the congestion
management cost. However, there are also revenues for the TSO from implicit auctions with
neighboring countries in case of market coupling and between nodes within Germany in case of
nodal pricing in scenario FB. These revenues are used to partially cover the network cost. The last
element of the network cost are revenues or expenses due to the introduction of a g-component,
which depends on the choice of the scaling parameter β.34 The RES fee is determined by dividing
the difference between the total investment cost for installing all exogenously given RES capacities
(as an annuity) and the yearly revenues from selling their produced electricity at the spot market
by the total yearly electricity consumption.35 The quantity-weighted average spot market price
pavg and the network fee are not directly comparable between the (ME) scenarios36 and FB, since
in FB the network fee is partially included in the nodal prices if the TSO obtains scarcity rents
from nodal price differences. Furthermore, RES subsidies, which are different in each scenario due
to the different corresponding revenues, are not contained in pavg. Therefore, in order to receive
comparable prices, we have to calculate the corrected average price pcorr, which in addition to the
compensation of the production also includes network infrastructure cost and RES subsidies.
Generation investment and decommissioning at a regional level, which follow the g-components
given in Table B.1 in Appendix B, are illustrated in Table 3. A categorization of generation
expansion and decommissioning according to technology is shown in Table 2.

Welfare. Welfare is given by the gross consumer surplus minus investment, operation and pro-
duction costs of generators as well as line investment and congestion management cost. Comparable
welfare values for all scenarios are determined according to equation (2) for all (ME) scenarios and
(3) for scenario FB.37 To assess the long-run impact of a regionally differentiated g-component on
welfare, we define ME as our reference scenario. A positive difference 4W (column 1 of Table 1) of

33Note that even though this allocation is a good proxy, it is not necessarily optimal for ME.
34All components of the network fee are given in Table B.2 in Appendix B for all considered scenarios.
35Note that this RES fee is determined such that all RES generators make a yearly profit of zero. In contrast,

most RES subsidy systems are such that they also incentivize investment in RES generators which are located in
regions where the electricity production is lower than in region with the highest possible production. This would
result in positive profits for the generators at the best locations and thus in higher RES fees than in our results; see,
e.g., Grimm et al. (2017b).

36(ME) scenarios comprise scenarios ME, MEGβ , and MEFB.
37In order to determine a comparable welfare for all (ME) scenarios, we use the welfare value of the second

iteration, where penalty costs for redispatch cred are fixed to 0. To compare welfare between (ME) scenarios and
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Table 1. Welfare, Network Investment and Prices

4W Lines pavg Network Fee RES Fee pcorr
(e Mio./year) (#) (e/MWh) (e/MWh) (e/MWh) (e/MWh)

ME 0 14 30.20 6.39 24.97 61.56
MEG0.2 120.9 13 30.23 6.11 24.93 61.27
MEG0.5 74.3 13 31.31 6.21 24.68 62.20
MEG0.8 -118.0 13 32.26 6.66 24.33 63.25
MEFB 128.0 13 30.21 6.15 24.97 61.33
FB 583.5 8 31.08 3.08 26.82 60.98

an alternative market design compared to ME indicates a welfare gain whereas a negative difference
displays a welfare loss. Obviously, FB increases welfare to the maximal possible level. The total
potential efficiency gain, which is the difference between the welfare values of the system optimum
FB and ME, amounts to e 583.5 Mio. per year. The first column in Table 1 illustrates the welfare
gains or losses resulting from the introduction of a g-component βgn in scenario MEGβ for different
scaling factors β ∈ {0.2, 0.5, 0.8}. Determining the scaling factor β to 0.2 leads to the highest
welfare gain of all g-component scenarios of e 120.9 Mio. per year. This corresponds to 20.7%
of the maximal efficiency potential. Nevertheless, the results in Table 1 show that welfare gains
decrease with an increase of the scaling factor β. Even if MEG0.5 still exhibits a welfare gain, in
MEG0.8 significant welfare losses will occur. The reason for the welfare losses for high values of β is
the following: The higher the chosen value β, the higher the risk to incentivize overinvestment of
private firms.
Scenario MEFB shows that the potential for efficiency gains in general is rather moderate, even
if conventional generators are placed at the locations of the FB analysis. In MEFB as well as in
MEGβ , the rather small potential for welfare gains is due to the lack of price signals at the spot
market, which we will discuss in detail later on. We summarize our respective findings in the
following result:

Result 1. The introduction of regionally differentiated g-components has the potential for welfare
gains. However, the analysis suggests that possible welfare gains are rather moderate even if all
generation capacities are placed close to optimal locations. Furthermore, we find that the introduction
of regionally differentiated g-components may lead to welfare losses if the g-components are chosen
such that they incentivize overinvestment.

In the following, we analyze the results in more detail in order to develop an intuition why and
how welfare changes due to the introduction of locally differentiated g-components.

Prices and fees. Table 1 illustrates the quantity-weighted average spot market price pavg,
the network fee, the RES fee, and a corrected average price pcorr for all considered scenarios.
Initially, we analyze the average spot market price pavg. In FB, a price differentiation between
two connected network nodes will appear if bottlenecks occur on the transmission line between
these two nodes. Hence, the nodal average spot market price over all hours might be different
at different nodes. In Table 1 we present the quantity-weighted average price over all network
nodes. In ME, MEFB, and MEGβ , all German network nodes have the same spot market price in
each hour, independent from occurring bottlenecks. Hence, in these scenarios, pavg is the same at
each German network node. It is noticeable that pavg is higher in all scenarios MEGβ than in ME.
The reason for this is the following: Generators with lower marginal cost but comparatively high
operational cost in the "Northwest" and "Northeast" get unprofitable by too high g-components
so that they decide to decommission. Generators with higher marginal cost in the "South" and

FB, positive and negative load shedding penalty costs have to be deducted from the objective values of the (ME)
scenarios ex post.
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comparatively low operational cost receive subsidies via the g-component. Compared to scenarios
without a g-component, they remain profitable and stay in the market where they set the spot
market price as marginal generators in several periods. In MEG0.8, there is an additional effect on
pavg from investment in gas capacities, which does not occur in all other scenarios. Investment in
these gas generators with high marginal cost only gets profitable by high subsidies. Consequently,
these gas generators set the spot market price in a few hours and increase pavg. As nodal prices in
FB already contain the pricing of network congestion, the weighted average spot market price pavg
is slightly higher than in scenario ME.
In FB, the network fee is lower than in all other scenarios. This is due to additional revenues from
implicit auctions38 within Germany for the TSO and avoided network expansion and operation
costs. In MEGβ , g-component revenues and expenses have an additional impact on the network fee;
see Section 2.5. While in MEG0.2 locally differentiated g-components lead to revenues for the TSO,
in MEG0.5 and MEG0.8 additional expenditures occur for the TSO.39 These additional g-component
expenditures are the reason for a slightly higher network fee in MEG0.8 compared to ME, MEG0.2,
MEG0.5, and MEFB.
In FB, the RES fee is higher than in all other scenarios due to a lower total electricity consumption
(see Table 4) and low nodal prices in the northern regions with a lot of wind onshore and offshore
production.
In total, the corrected average price pcorr is significantly lower in FB than in all other market
designs. High chosen scaling factors β in MEGβ show the tendencies for higher corrected average
prices pcorr compared to ME, which is caused by a higher quantity-weighted average spot market
price pavg and an increased network fee. However, low chosen scaling factors β in MEGβ might also
decrease pcorr compared to ME due to a lower network fee and a lower RES fee. We conclude:
Result 2. The introduction of a g-component increases the quantity-weighted average spot market
price pavg as compared to ME. The effect on the network fee and, thus, on the corrected average
price pcorr is ambiguous and depends on the specific choice of the scaling factor β.

Table 2. Generation expansion (+) or decommissioning (-) differentiated by
technology. Technology class "coal" contains lignite and hard coal, "gas" consists of
combined cycle gas turbines and open gas turbines, CHP only contains market-
driven CHP.

4 coal 4 gas 4 CHP
(MW) (MW) (MW)

ME -1062.2 -1563.2 7000.0
MEG0.2 -1220.0 -562.2 7000.0
MEG0.5 -1720.3 -2504.6 7000.0
MEG0.8 -4994.4 512.1 6749.1
MEFB -1108.7 -1585.2 7000.0
FB -1108.7 -1585.2 7000.0

Generation expansion and decommissioning. Generation expansion and decommissioning
differentiated by technology is shown in Table 2. The regional distribution of generation expansion
and decommissioning under different market designs is presented in Table 3. In ME, most of the
invested generation capacity is located to the "Northwest" and "Northeast" of Germany. In FB,

38In periods with price differences between network nodes, the line capacity in between is binding. If in this case,
for example, 1 MWh is sold from a generator located at a node with a low price to a consumer located at node with
a high price, the price difference will be given to the TSO in order to cover a part of the network cost.

39The reason behind is as follows: With an increase of β higher g-component payments cause an additional
decommissioning of coal and gas generators in "Northwest" and "Northeast" of Germany. In the "South", higher
subsidies reduce decommissioning and incentivize additional investment. Therefore, less generators pay a g-component
to the TSO and more generators receive a subsidy.
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Table 3. Regional generation expansion (+) or decommissioning (-) in MW:
Region "Northwest" contains the federal states Schleswig-Holstein, Hamburg, Bre-
men, Lower Saxony, and North Rhine Westfalia. "Northeast" is composed of
Mecklenburg Western Pomerania, Saxony-Anhalt, Brandenburg, Berlin, and Sax-
ony. The "South" consists of Hessia, Thuringia, Rhineland Palatinate, Saarland,
Baden-Wuerttemberg, and Bavaria.

"Northwest" "Northeast" "South"
expansion decommission expansion decommission expansion decommission

ME 3027.0 -107.1 1324.3 -509.1 2648.7 -2009.3
MEG0.2 500.0 -172.9 0 -1208.2 6500.0 -401.1
MEG0.5 500.0 -2969.3 0 -1187.5 6500.0 -68.1
MEG0.8 500.0 -4823.3 0 -2923.9 9591.1 -68.1
MEFB 500.0 -128.9 0 -555.7 6500.0 -2009.3
FB 500.0 -128.9 0 -555.7 6500.0 -2009.3

proper price signals ensure an expansion of generation capacities close to the load centers in the
"South". In MEFB, allocation and capacity choices for conventional generation technologies are
made according to FB .
In MEGβ , the investment and decommissioning incentives for conventional generators in ME are
adjusted, which implies regionally differentiated investment incentives. Table B.1 in Appendix
B shows the regionally differentiated g-components for different scaling factors β, which are
calculated according to the procedure presented in Section 2.5.40 Comparing the results for the
g-component scenarios MEGβ in Table 3 shows that the higher the scaling factor β, the higher the
generation capacity expansion in the "South" and the higher the aggregated generation capacity
decommissioning in "Northwest" and "Northeast".
In the following, we will have a detailed look at generation expansion and decommissioning in the
respective regions and outline reasons for the differences between ME, MEGβ , and FB (or MEFB),
respectively. Let us initially focus on generation expansion. Note that for all candidate generators
investment, operational, and marginal costs only depend on the respective technology but not on
the location in Germany. In ME, investment in CHP generators takes place, which is bounded
by the maximal permitted limit of 7000 MW for the whole of Germany.41 However, considering
the regional distribution of new CHP generators over the federal states in Table 3 shows that in
scenario ME the 7000 MW are distributed over all German nodes (each with 37.8% of the respective
capacity limit ȳub

g ) as there are no regionally differentiated price signals to invest at a certain node.
In FB, the social planner also invests in 7000 MW of new CHP capacity, most of it in the "South"
(6500 MW).42 There is no further investment in other technologies than CHP in scenario ME and
FB. The different locations for CHP investment show an inefficiency of the current market design
ME with respect to providing the right locational investment signals. In MEFB, this inefficiency is
avoided by placing all new generators to the same locations as in FB.
By introducing regionally differentiated g-components, the inefficiencies in ME can be partially
removed. Since generators in the "South" of Germany receive subsidies as given in Table B.1 in
Appendix B, MEGβ provides additional investment incentives. For all considered scaling factors

40It is noticeable that the g-components in Table B.1 in Appendix B exhibit a north-south structure. While
generators in the north of Germany stress the network and therefore have to pay for each installed MW, generators
in the south receive subsidies since they are located close to load centers with underprovision of electricity generation.
Let us finally mention that generators are subsidized the most in Hessia, whereas the highest payment is charged in
Mecklenburg Western Pomerania.

41In addition, regional limits for CHP expansion exist for each federal state which reflect the maximum technical
potential and sum up to a total of 18000 MW; see Section 2 in the Online Supplement. Note that all expansion
limits are valid for all scenarios.

42The investment is made according to nodal spot market prices.
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β, we observe an investment in CHP generation capacity in the "South" of 6500 MW and in the
"Northwest" of 500 MW. The sequence of investment follows the amount of subsidies in the respective
federal state, whereby the regional expansion limit of each federal state has to be considered. This
means that at first CHP capacity is expanded in the federal state with the highest subsidy, namely
Hessia, until the local expansion limit of 1000 MW is reached. Subsequently, the local maximum of
CHP capacity is installed in the federal state with the second highest subsidy. This procedure goes
on until the upper bound of 7000 MW for total CHP expansion in Germany is reached.43

MEG0.8 is the only scenario where profit-maximizing firms receive a subsidy which is high enough
to incentivize investment in additional gas generators in the "South" of Germany, more precisely in
Hessia. Although the subsidies are calculated with the nodal prices of the first-best benchmark,
in FB there is no investment in new gas generators. There are several reasons for investment in
gas in MEG0.8. On the one hand, high subsidies reduce the net investment cost for new generators
which has to be covered by revenues from spot market trading. On the other hand, as Table 1
shows, in MEG0.8 the quantity-weighted average spot market price is the highest, which increases
the revenues for all active generators.
Considering generation decommissioning, for all g-component scenarios MEGβ , the decommissioned
capacity in "Northwest" and "Northeast" is higher than in ME and FB and decommissioning in the
"South" is lower, which is a direct consequence of the additional cost for paying the g-component.
The following result summarizes our insights on generation expansion and decommissioning:

Result 3. Compared to ME, the introduction of locally differentiated g-components might influence
locational investment and decommissioning decisions of generators: The expansion of CHP capacities
is relocated close to the load centers. Decommissioning of coal and gas generators increasingly takes
place in regions with excess supply ("Northwest" and "Northeast") instead of the excess-demand
regions. However, too high g-components might incentivize excessive generation expansion and
decommissioning, which results in welfare losses.

Production and consumption. Table 4 shows the annual electricity production and con-
sumption in the regions "Northwest", "Northeast", and "South" according to spot market outcomes
of scenario ME, MEG0.2, MEFB, and the outcomes of FB. Production and consumption values are
calculated as the sum of the hourly values in the respective region.
Hourly price signals in FB ensure an optimal adjustment of the consumption.44 Therefore, in FB
the annual consumption in the "South" is lower than in all other scenarios. On the other hand, in
FB the consumption in the regions with excess production ("Northwest" and "Northeast") is higher
than in all other scenarios, as low nodal prices in these regions increase the local consumption.
The differences in the annual production between ME and FB indicate inefficiencies in the regional
distribution. In ME, the production in the "South" is significantly lower than in FB. In contrast,
the production in scenario ME in the "Northwest" and the "Northeast" is higher than in FB. This
is due to the fact that the installation of 6500 MW new CHP generation capacity is shifted to the
"South" due to price signals. In addition, price signals in FB lead to additional decommissioning
of capacity in the northern regions compared to ME. In MEFB, all generators are positioned in
the same way as in FB. Due to the optimal regional distribution of all generators, the annual
production in MEFB in the individual regions differs by less than 1.1 % from the optimal allocation
in FB. A detailed classification of the annual production by technology in all scenarios can be
found in Table B.3 in Appendix B.
Although FB and MEFB have very similar annual production quantities per region, the results
with respect to welfare and required network expansion are quite different. The reason for this is
that the discussion about annual values ignores peaks in the traded production and consumption
quantities, which are the crucial parameters for network expansion.

Therefore, we analyze the peaks in regional excess consumption of the spot market outcomes.
Regional excess consumption curves of scenario FB and MEFB for one week of the considered

43Note that due to equal investment, operational, and marginal costs of candidate CHP generators in all federal
states, a minimal g-component is already sufficient to control the locational choice of the expansion.

44Note that demand is elastic as it is modeled by a linear inverse demand function.
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Table 4. Total regional production (GWh) and consumption (GWh) according
to the spot market outcomes.

"Northwest" "Northeast" "South"
production consumption production consumption production consumption

ME 264.47 221.59 129.60 66.72 157.15 228.10
MEG0.2 251.31 221.58 119.99 66.72 179.88 228.09
MEFB 250.78 221.59 122.32 66.72 178.11 228.10
FB 250.20 222.02 121.01 67.12 180.04 226.10
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Figure 4. Regional excess consumption of scenarios FB and MEFB in regions
"North" (aggregation of regions "Northeast" and "Northwest") and "South" for the
first week of the considered year.

year are presented in Figure 4.45 For both regions, "North" (aggregation of regions "Northeast"
and "Northwest") and "South", Figure 4 shows that regional excess consumption in FB has a
smoothed profile with less excessive peaks compared to MEFB. The explicit annual minimal and
maximal values of the regional excess consumption on a regional level are given in Table B.4 in
Appendix B. Both Figure 4 and Table B.4 illustrate that hourly price signals, i.e., nodal prices, in
FB reduce the peaks in excess production compared to the (ME) scenarios in region "Northwest"
and "Northeast". Therefore, in FB less electricity has to be exported from the "Northwest" and
the "Northeast" in periods with a negative regional excess consumption peak. For the "South", the
opposite is true. In FB, peaks in excess demand are reduced by higher nodal spot market prices.
Furthermore, Table B.4 shows that the introduction of a g-component cannot as efficiently smooth
out negative and positive regional excess consumption peaks of the spot market outcomes in the
individual regions. This is intuitive, since the g-components only provide incentives to expand or
decommission generation capacity. Additional hourly production incentives are not implemented
by a capacity-based g-component. Since in MEGβ a spot market with a uniform pricing system
throughout Germany is applied, generators and consumers do not receive any regional price signals
in hours of excess demand or production which adjust the outcomes in a system-friendly way.
We summarize the findings in the following result:
Result 4. FB is the only scenario with regionally differentiated price signals at the spot market.
These price signals have a significant influence on the minimum and maximum regional excess
consumption values. In contrast, a uniform pricing system does not provide appropriate hourly

45A positive (negative) regional excess consumption value indicates an surplus in regional demand (production).
Regional excess consumption curves of all scenarios for the whole year are presented in Figures 2, 3, and 4 in Section
3 in the Online Supplement.
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price signals for efficient production and consumption quantities, even if all generators are located
at first-best locations.

Network expansion. The results show significant differences between FB and ME with respect
to network expansion. While in ME 14 of 15 candidate lines are built, in FB only 8 transmission
lines are newly installed; see Table 1. In all (ME) scenarios, network expansion has to be planned
such that all traded spot market quantities can be transported through the network. Redispatch
and renewable curtailment are considered as measures of last resort only. Accordingly, in all (ME)
scenarios the network expansion has to be planned such that all regional excess consumption peaks,
both positive and negative, are fully taken into account. In FB, network restrictions are completely
taken into account at the spot market and are addressed by price differentiation between nodes.
Therefore, production and consumption quantities resulting from market trading do not affect
the network to the same extent as in the (ME) scenarios. The previously discussed findings on
production and consumption quantities show that especially peaks in excess production in the
northern regions and peaks in excess demand in the "South" are reduced by regionally differentiated
price signals. Therefore, in FB the network expansion has to be planned for lower regional excess
consumption peaks than in the remaining scenarios.
In MEFB, 13 new transmission lines are built even if all generation capacities are chosen identical
to the system optimum in FB. This finding shows that it is not sufficient to locate the generators
correctly to avoid substantial network expansion. The comparatively small reduction of required
network expansion results from the fact that there are only slightly reduced peaks in the hourly
regional excess consumption compared to ME as long as no further regional incentives from the
market are available; see Table B.4 in Appendix B. Table B.4 also shows that the introduction
of a g-component is not suitable for reducing peaks and, thus, reducing the necessary network
expansion for the same reason. Therefore, 13 new lines are also built in MEGβ . Finally note that
the substantially higher welfare gain 4W in FB as compared to the (ME) scenarios stems mainly
from reduced network expansion cost.
We summarize our findings in the following result:

Result 5. The system’s efficiency potential of e 583.5 Mio. per year mainly stems from avoiding
network expansion. Merely locating generators optimally is not sufficient to significantly reduce
network expansion. Instead, it is important that production and consumption are adjusted to
the network conditions in hours of regional excess consumption peaks. This requires regionally
differentiated price signals from the market, for which reason only FB leads to a significant reduction
of network expansion as compared to ME. None of the (ME) scenarios with alternative capacity
locations succeeds to avoid network expansion.

The TSO´s uncertainty concerning the planning of network expansion under modified market
rules is illustrated by the following finding: The necessary network expansion in MEG0.2 and
MEG0.5 does not coincide with that in MEG0.8. While in MEG0.2 and MEG0.5 a transmission line
between Schleswig-Holstein and Baden-Wuerttemberg is not built compared to ME, in MEG0.8
the no longer required line runs between Schleswig-Holstein and Bavaria. This is due to changed
network infrastructure requirements caused by a massive shift of generation capacities from the
regions "Northwest" and "Northeast" to the "South" and the corresponding changes in production
structures; see Tables 3 and B.3 in Appendix B.

5. Conclusion

In this paper, we have analyzed the long-run impact of introducing a regionally differentiated
capacity-based g-component for conventional generators on welfare and network expansion in
liberalized electricity markets. We quantify the impact of a g-component on private generation
investment and regulated network expansion under a uniform pricing system with subsequent
cost-based redispatch by using the bi-level GATE model. We consider policy-relevant scenarios
for differently scaled g-components. G-components are determined by using subsidies and fees
which reflect locational incentives under a nodal pricing system. Our analysis uses data from the
German electricity market and takes into account the preferential treatment of renewable energy
generators as well as the basic principles of network expansion planning. Even though our analysis
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is conducted for the German electricity market, the results and conclusions are also instructive for
other countries shifting towards a high share of renewable production.
Our analysis shows that the introduction of a regionally differentiated g-component affects locational
choices of generation investment and decommissioning and may lead to positive welfare effects.
However, welfare effects turn out to be moderate even if all generation capacities are incentivized
to adopt the first-best locations. On the downside, an inappropriately chosen g-component might
even provide incentives for overinvestment and thereby induce welfare losses.
The analysis clearly shows that beyond the locational investment incentives locational price signals
are needed to govern production and consumption in a way that reduces necessary network expansion.
A first-best benchmark scenario demonstrates that under a nodal pricing system, local price signals
lead to smoothed regional excess consumption profiles with less excessive peaks compared to
scenarios with uniform prices, so that network expansion requirements are moderate. In contrast,
in all scenarios with a uniform market price, the decisive regional excess consumption peaks are
higher, which results in an extensive need for network expansion.
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Appendix A. Acronyms

Table A.1 presents a list of acronyms used throughout this article.

Table A.1. List of acronyms.

AC alternating current
ATC available transfer capability
CHP combined heat and power
CUSC Connection and Use of System Code
DC direct current
EEX European Energy Exchange
EnWG German Energy Act ("Energiewirtschaftsgesetz")
EU European Union
FB First-Best
GATE Generation And Transmission Expansion
HVDC high-voltage direct current
ME market equilibrium
NDP network development plan
RES renewable energies
TSO transmission system operator
UK United Kingdom

Appendix B. Additional Results

In this section we present additional results to Section 4.

Table B.1. Regionally differentiated g-components in e/ MW for scaling factors
β ∈ {0.2, 0.5, 0.8} (federal states are sorted from north to south)

0.2gn 0.5gn 0.8gn
Schleswig-Holstein 7395.8 18489.5 29583.1
Mecklenburg Western Pomerania 16300.2 40750.5 65200.8
Hamburg 8021.1 20052.8 32084.2
Bremen 9549.2 23873.0 38196.6
Lower Saxony 9549.2 23873.0 38196.6
Saxony-Anhalt 7438.3 18595.8 29753.4
Brandenburg 7505.3 18763.3 30021.3
Berlin 7635.9 19089.8 30543.6
North Rhine-Westphalia 182.9 457.3 731.6
Hessia -6700.5 -16751.3 -26802.0
Thuringia 1320.9 3302.3 5283.5
Saxony 4218.8 10547.0 16875.1
Rhineland Palatinate -4673.2 -11683.0 -18692.6
Saarland -4673.2 -11683.0 -18692.6
Baden-Wuerttemberg -5664.3 -14160.8 -22657.0
Bavaria -5944.1 -14860.3 -23776.5
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Table B.2. Composition of network fees in e/ MWh

ME MEG0.2 MEG0.5 MEG0.8 MEFB FB
Maintenance of the existing network 3.87 3.87 3.89 3.90 3.87 3.88
Network investment cost 2.71 2.46 2.47 2.50 2.47 1.63
Redispatch 0.02 0.01 0.01 0.01 0.01 0.00
Load shedding 0.05 0.06 0.06 0.05 0.06 0.00
g-component 0.00 -0.03 0.05 0.47 0.00 0.00
Implicit auctions in GER 0.00 0.00 0.00 0.00 0.00 -2.43
Implicit auctions INT -0.26 -0.26 -0.27 -0.27 -0.26 0.00

Network fee 6.39 6.11 6.21 6.66 6.15 3.08

Table B.3. Regional production (GWh) and consumption (GWh) according to
the spot market outcomes. Technology class "other" contains hydro power and
heat-driven CHP, technology class "RES" contains wind and solar production (NW:
"Northwest", NE: "Northeast", S: "South").

scenario region coal gas CHP other RES total production consumption
(1) (2) (3) (4) (5)

∑
(1)-(5)

ME NW 41.29 4.83 34.43 16.29 167.63 264.47 221.59
NE 36.63 0.10 13.43 7.64 71.80 129.60 66.72
S 5.32 1.77 23.10 38.83 88.12 157.15 228.10

MEFB NW 41.32 4.88 20.66 16.29 167.63 250.78 221.59
NE 36.84 0.10 5.94 7.64 71.80 122.32 66.72
S 5.29 1.78 44.09 38.83 88.12 178.11 228.10

FB NW 40.82 4.82 20.64 16.29 167.63 250.20 222.02
NE 35.58 0.10 5.90 7.64 71.80 121.01 67.12
S 5.32 1.77 46.00 38.83 88.12 180.04 226.10

MEG0.2 NW 40.32 4.87 22.20 16.29 167.63 251.31 221.58
NE 34.44 0.07 6.04 7.64 71.80 119.99 66.72
S 6.27 2.20 44.46 38.83 88.12 179.88 228.09

MEG0.5 NW 39.53 3.13 20.92 16.29 167.63 247.50 220.76
NE 34.57 0.07 6.04 7.64 71.80 120.12 66.47
S 7.17 2.41 44.44 38.83 88.12 180.97 227.24

MEG0.8 NW 35.65 3.24 21.96 16.29 167.63 244.77 220.06
NE 26.03 0.00 5.62 7.64 71.80 111.09 66.26
S 8.99 8.56 46.04 38.83 88.12 190.54 226.52
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Table B.4. Minimum and maximum values of regional excess consumption per
region (in GWh) according to the spot market outcomes.

"Northwest" "Northeast" "South"
min max min max min max

ME -19.32 10.25 -19.59 0.96 -7.23 18.31
MEG0.2 -19.32 11.32 -18.76 0.96 -7.23 16.34
MEFB -19.32 11.34 -19.10 0.96 -7.23 16.65
FB -16.09 11.30 -13.75 0.96 -7.23 14.21
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1. Complete Models

In this section, we present the Generation And Transmission Expansion (GATE) model, which
is based on Grimm et al. (2016) and adjustments in Grimm et al. (2018). Furthermore, we present
the integrated planner approach, which is slightly adapted from Jenabi et al. (2013). Initially, we
start with the basic setup.

1.1. Basic Economical and Technical Setup. In this section, we present the basic economical
and technical setup which is used in this paper.

Network: The considered electricity network G = (N ,L) consists of a set of nodes n ∈ N which
are connected by transmission lines l ∈ L. The set of network nodes n ∈ N is composed of two
disjoint sets, that means N = N in ∪Nout, where nodes within the considered country are denoted
by N in and nodes in the neighboring countries are denoted by Nout. The set of lines is divided in
existing lines Lex and candidate lines Lnew, which can be installed, meaning L = Lex ∪ Lnew. For
each candidate line a binary variable zl ∈ {0, 1} indicates whether the line is built or not. Value 1
implies that line l is built and 0 the opposite. The investment cost for line l ∈ Lnew is represented
by cinv

l . Cross boarder lines are denoted by Linter. δout
n′ denotes all lines l = (n, j) ∈ L with start

node n = n′, δin
n′ denotes all lines l = (n, j) ∈ L with end node j = n′.1 Each line l ∈ L is physically

characterized by its thermal capacity f̄l and its susceptance Bl.
Consumption: We denote the demand at node n ∈ N by dt,n and the resulting market price

by pt,n. In order to model an elastic demand for each hour and each node within the considered
country, we use an inverse demand function pt,n(dt,n) = at,n − bndt,n. The fact that pt,n is a
continuous, linear, strictly decreasing function guarantees a unique solution of the optimization
problem. The demand function of each neighboring country is given by a so called residual demand
function.2 While demand within the considered country has to be non-negative, a negative demand
in a neighboring country occurs in case of export. Accordingly, positive demand implies that a
neighboring country imports electricity, see Grimm et al. (2018) for further information.

Production and Supply: Gall
n = Gex

n ∪ Gnew
n denotes a finite set of existing and candidate

conventional technologies, which are only located at nodes n ∈ N in within the considered country.
Each existing generator g ∈ Gex

n has a capacity ȳex
g . If the operational cost cop

g of an existing
generator exceeds the expected profits, parts of the capacity ȳdec

g will be decommissioned. For
all candidate generators g ∈ Gnew

n holds that private firms will invest in new capacities ȳnew
g if

the investment cost cinv
g is fully covered by the anticipated spot market profits. The availability

αg ∈ [0, 1] of generator g ∈ Gall
n states the average percentage of time that this generator is able

to produce. We denote the production quantity of conventional technologies g ∈ Gall
n by yt,g.

Beside conventional generators we consider exogenously determined production quantities yre
t,n of

the fluctuating renewable technologies solar and wind as well as exogenously determined production
quantities yex

t,n of hydro power and heat-driven CHP generators. The set EEn contains all renewable

Date: April 24, 2019.
1δout

Zk
contains all lines starting in zone Zk, δin

Zk
analogously all lines ending in zone Zk.

2The residual demand function describes the difference between export and import quantities.

1
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technologies at node n ∈ N in. Every renewable technology e ∈ EEn has an exogenously determined
capacity ȳre

e and for each hour and each node an exogenously determined production profile yre
t,e.

1.2. The Generation And Transmission Expansion (GATE) model.

1.2.1. Generation Expansion and Spot Market Trade Level. The objective at the Generation Expan-
sion and Spot Market Trade Level is welfare maximization, which is given as the difference of gross
consumer surplus from all spot markets and investment cost, operational cost as well as marginal
generation cost of private firms:

ψ2 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dspot
t,n

0
pt,n(ξ) dξ

)
−
∑
n∈N in

∑
e∈EEn

cree ȳ
re
e

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yspot

t,g +
∑

g∈Gnew
n

cinv
g ȳnew

g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g )

 (1)

As we consider market coupling with neighboring countries, we denote each country by one zone.
In order to ensure that the demand as well within the considered country as in all neighboring
countries is satisfied by the production, we use a zonal version of the 1st Kirchhoff’s law in our
model: ∑

n∈(N in∪Nout)∩Zk

dspot
t,n =

∑
n∈N in∩Zk

(
∑
g∈Gall

n

yspot
t,g + yre

t,n + yex
t,n) +

∑
l∈δin

Zk
(L)

f spot
t,l −

∑
l∈δout

Zk
(L)

f spot
t,l

for all Zk ∈ Z, t ∈ T (2)
The power flows on the respective interzonal links are restricted by exogenously determined available
transmission capacities (ATCs):

− f̄atc
l ≤ f spot

t,l ≤ f̄atc
l for all l ∈ Linter ∩ Lex, t ∈ T (3a)

− zlf̄atc
l ≤ f spot

t,l ≤ zlf̄atc
l for all l ∈ Linter ∩ Lnew, t ∈ T (3b)

We have to ensure that the consumption within the considered country is positive. This does not
hold for neighboring countries, which have a negative demand in case of export, see Grimm et al.
(2018):

dspot
t,n ≥ 0 for all n ∈ N in, t ∈ T (4)

At each node, the production of each existing generation technology is bounded in each hour by
the difference of an exogenously determined maximum capacity and capacity decommissioning of
unprofitable generators. It is not possible to decommission more than the maximum generation
capacity:

0 ≤ yspot
t,g ≤ αgτ(ȳex

g − ȳdec
g ) for all n ∈ N in, g ∈ Gex

n , t ∈ T (5a)
0 ≤ ȳdec

g ≤ ȳex
g for all n ∈ N in, g ∈ Gex

n (5b)
Generation capacity investment is endogenously determined in our model. Regional limits restrict
the investment in generation capacities.3 The production of new generators cannot exceed their
installed generation capacity:

yspot
t,g ≤ αgτ ȳnew

g for all n ∈ N in, g ∈ Gnew
n , t ∈ T (6a)

0 ≤ ȳnew
g ≤ ȳub

g for all n ∈ N in, g ∈ Gnew
n , t ∈ T (6b)

By using regionally and hourly differentiated production profiles (per MW installed capacity and per
technology) as well as capacity and location of each renewable generator, we receive the exogenously
given total hourly renewable production at each node:

yre
t,n =

∑
e∈EEn

ȳre
e y

re
t,e for all n ∈ N in, t ∈ T (7)

3If there is no limit to generation capacity investment, it is set to infinity.
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1.2.2. Network Expansion and Redispatch Level. The TSO has the objective to maximize social
welfare, which is given as the difference of the gross consumer surplus of all time periods after
load shedding and investment, operational and marginal costs of private firms as well as network
investment cost of the TSO and penalty redispatch and load shedding costs:

ψ1 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dfinal
t,n

0
pt,n(ξ) dξ

)
−
∑

l∈Lnew

cinv
l zl −

∑
n∈N in

∑
e∈EEn

cree ȳ
re
e

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yfinal

t,g +
∑

g∈Gnew
n

cinv
g ȳnew

g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g )


−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cred(y+
t,g + y−t,g) +

∑
t∈T

(c+d+
t,n + c−d−t,n)

 (8)

The 1st Kirchhoff’s law ensures flow conservation at each node n ∈ N and determines the flows in
and out of each node:

dfinal
t,n =

∑
g∈Gall

n

yfinal
t,g + yre

t,n + yex
t,n +

∑
l∈δin

n (L)

ffinal
t,l −

∑
l∈δout

n (L)

ffinal
t,l for all n ∈ N in, t ∈ T (9a)

dfinal
t,n =

∑
l∈δin

n (L)

ffinal
t,n −

∑
l∈δout

n (L)

ffinal
t,n for all n ∈ Nout, t ∈ T (9b)

The 2nd Kirchhoff’s law determines the distribution of the residual load at network node n ∈ N
over its adjacent transmission lines. We model the 2nd Kirchhoff’s law according to the linear DC
lossless approach presented in Schweppe et al. (1988) by means of the voltage phase angles θt,n
and θt,j at both ends of the respective line l = (n, j). Modeling the 2nd Kirchhoff’s law by means
of a phase angle representation enables to endogenize the network expansion of candidate lines
l = (n, j) ∈ Lnew by introducing a binary variable zl in the model:4

ffinal
t,l −Bl(θt,n − θt,j) = 0 for all l = (n, j) ∈ Lex, t ∈ T (10a)
−Ml(1− zl) ≤ ffinal

t,l −Bl(θt,n − θt,j) ≤Ml(1− zl) for all l = (n, j) ∈ Lnew, t ∈ T (10b)
In order to get a unique solution for the voltage phase angles, we set the phase angle of an arbitrary
chosen reference node in every time period to zero:

θt,n1 = 0 for all t ∈ T (11)
The power flow on each line, existing as well as candidate, must not exceed its thermal capacity in
each hour:

− f̄l ≤ ffinal
t,l ≤ f̄l for all l ∈ Lex, t ∈ T (12a)

− zlf̄l ≤ ffinal
t,l ≤ zlf̄l for all l ∈ Lnew, t ∈ T (12b)

Since the TSO cannot influence private firms’ decisions concerning generation investment and
decommissioning, the TSO takes these decisions as given:

0 ≤ yfinal
t,g ≤ αgτ(ȳex

g − ȳdec
g ) for all n ∈ N in, g ∈ Gex

n , t ∈ T (13a)
0 ≤ ȳdec

g ≤ ȳex
g for all n ∈ N in, g ∈ Gex

n (13b)
yfinal
t,g ≤ αgτ ȳnew

g for all n ∈ N in, g ∈ Gnew
n , t ∈ T (13c)

0 ≤ ȳnew
g ≤ ȳub

g for all n ∈ N in, g ∈ Gnew
n (13d)

Furthermore, the TSO has to take the production of renewable generators as given in his decisions:

yre
t,n =

∑
e∈EEn

ȳre
e y

re
t,e for all n ∈ N in, t ∈ T (14)

4Note that the 2nd Kirchhoff’s law only applies to AC lines. In contrast to AC lines, power flows in HVDC lines
are fully controllable by adjusting the converter valves.
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Traded spot market quantities and final quantities after congestion management are connected in
the following way:

dfinal
t,n = dspot

t,n + d+
t,n − d−t,n for all n ∈ N in, t ∈ T (15a)

dfinal
t,n = dspot

t,n for all n ∈ Nout, t ∈ T (15b)

yfinal
t,g = yspot

t,g + y+
t,g − y−t,g for all n ∈ N in, g ∈ Gall

n , t ∈ T (15c)
While we do not allow for load shedding of demand in the neighboring countries (equation (15b)),
German TSOs are allowed to use positive and negative load shedding (equation (15a)) as well as
generation redispatch (equation (15c)) as a means of congestion management.
Finally, we have to restrict the variables.

dfinal
t,n ≥ 0 for all n ∈ N in, t ∈ T (16a)
y+
t,g ≥ 0 for all n ∈ N in, g ∈ Gall

n , t ∈ T (16b)
y−t,g ≥ 0 for all n ∈ N in, g ∈ Gall

n , t ∈ T (16c)
d+
t,n ≥ 0 for all n ∈ N in, t ∈ T (16d)
d−t,n ≥ 0 for all n ∈ N in, t ∈ T (16e)
zl ∈ {0, 1} for all l ∈ Lnew (16f)

1.3. The Integrated Planner Approach. A regulated social planner simultaneously decides
on investment and decommissioning of generation capacities at all network nodes, on network
expansion of candidate lines and the dispatch of consumption and production quantities for all
time periods in order to maximize social welfare, which is given by the difference of gross consumer
surplus and the sum of investment cost, production cost and operational expenses:

ψIP =
∑

n∈N in∪Nout

∑
t∈T

(∫ dt,n

0
pt,n(ξ) dξ

)
−
∑

l∈Lnew

cinv
l zl −

∑
n∈N in

∑
e∈EEn

cree ȳ
re
e

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yt,g +

∑
g∈Gnew

n

cinv
g ȳnew

g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g )

 (17)

The integrated planner has to account for all physical network constraints. The 1st Kirchhoff’s law
is given by:

dt,n =
∑
g∈Gall

n

yt,g + yre
t,n + yex

t,n +
∑

l∈δin
n (L)

ft,l −
∑

l∈δout
n (L)

ft,l for all n ∈ N in, t ∈ T (18a)

dt,n =
∑

l∈δin
n (L)

ft,n −
∑

l∈δout
n (L)

ft,n for all n ∈ Nout, t ∈ T (18b)

The 2nd Kirchhoff’s law:
ft,l −Bl(θt,n − θt,j) = 0 for all l = (n, j) ∈ Lex, t ∈ T (19a)
−Ml(1− zl) ≤ ft,l −Bl(θt,n − θt,j) ≤Ml(1− zl) for all l = (n, j) ∈ Lnew, t ∈ T (19b)

In order to get a unique solution for the voltage phase angles, we set the phase angle of an arbitrary
chosen reference node in every time period to zero:

θt,n1 = 0 for all t ∈ T (20)
The power flow on each line, existing as well as candidate, must not exceed its thermal capacity in
each hour:

− f̄l ≤ ft,l ≤ f̄l for all l ∈ Lex, t ∈ T (21a)
− zlf̄l ≤ ft,l ≤ zlf̄l for all l ∈ Lnew, t ∈ T (21b)

In addition, the integrated planner determines generation capacity limits:
0 ≤ yt,g ≤ αgτ(ȳex

g − ȳdec
g ) for all n ∈ N in, g ∈ Gex

n , t ∈ T (22a)
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0 ≤ ȳdec
g ≤ ȳex

g for all n ∈ N in, g ∈ Gex
n , t ∈ T (22b)

yt,g ≤ αgτ ȳnew
g for all n ∈ N in, g ∈ Gnew

n , t ∈ T (22c)
0 ≤ ȳnew

g ≤ ȳub
g for all n ∈ N in, g ∈ Gnew

n , t ∈ T (22d)
Furthermore, the integrated planner has to take the production of renewable generators as given in
his decisions:

yre
t,n =

∑
e∈EEn

ȳre
e y

re
t,e for all n ∈ N in, t ∈ T (23)

Finally, we have to restrict the variables:
ȳnew
g ≥ 0 for all n ∈ N in, g ∈ Gnew

n (24a)
ȳdec
g ≥ 0 for all n ∈ N in, g ∈ Gnew

n (24b)
yt,g ≥ 0 for all n ∈ N in, g ∈ Gall

n , t ∈ T (24c)
dt,n ≥ 0 for all n ∈ N in, t ∈ T (24d)
zl ∈ {0, 1} for all l ∈ Lnew (24e)

1.4. Notations and Symbols. In this section, we give an overview over the used sets, parameters,
and variables; see Tables 1, 2, and 3.

Table 1. Sets

Symbol Description Unit
G Transmission network —
N Set of nodes of the transmission network (N = N in ∪Nout) —
N in Set of nodes of the transmission network in DE —
Nout Set of nodes of the transmission network out of DE —
T Set of time periods —
Z Set of zones for market splitting —
Gall
n Set of all generation technologies at node n ∈ N —

Gex
n Set of existing generation technologies at node n ∈ N —

Gnew
n Set of candidate generation technologies at node n ∈ N —

EEn Set of all renewable energy generation technologies at node n ∈ N —
Lex Set of all existing transmission lines (set of arcs of graph G) —
Lnew Set of all candidate transmission lines —
Linter Set of all inter-zone transmission lines —

2. Data

Network. The calibration of the existing network lines between federal states and their length
is based on VDE (2014), Amprion (2015), 50Hertz (2015), TenneT (2015) and Joost (2015),
physical characteristics are calculated according to Kießling et al. (2001) and Egerer et al. (2014).
Interconnectors to foreign countries follow VDE (2014) and Egerer et al. (2014). Since the complexity
of the German electricity network is too high, we simplify the network and the interconnectors to
neighboring countries by aggregation to 28 nodes. Each federal state is assigned to one network
node with demand and supply. All existing transmission lines between two adjacent network nodes
are aggregated to a single line. Candidate lines for network expansion correspond to the 15 discussed
HVDC-connections between different federal states in the NDP 2014, see Übertragungsnetzbetreiber
(2014a), the investment costs are based on cost estimations in Übertragungsnetzbetreiber (2012).
In order to avoid cycle flows over neighboring countries we will introduce an isolated network node

5In this paper we consider heat-driven CHP and running-water generation which both enter the model as exogenous
parameters here.
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Table 2. Parameters

Symbol Description Unit
bn Slope of dt,n at node n ∈ N e/MWh2

at,n Intercept of dt,n at node n ∈ N in time period t e/MWh
cinv
g Investment cost of candidate generation technology g ∈ Gnew

n e/MW
cop
g Operational cost of existing generation technology g ∈ Gex

n e/MW
cvar
g Variable cost of generation technology g ∈ Gex

n e/MWh
cred Penalty cost of redispatch of generator g ∈ Gall

n e/MWh
c+ Penalty cost of positive load shedding at node n ∈ N in e/MWh
c− Penalty cost of negative load shedding at node n ∈ N in e/MWh
cinv
l Investment cost of candidate transmission line l ∈ Lnew e

Bl DC power flow scaled susceptance of line l ∈ Lex ∪ Lnew MW h
f̄l Maximum power flow on line l ∈ Lex ∪ Lnew MW h
αg Equivalent availability parameter of g ∈ Gall

n 1
ȳub
g Upper bound for new power generation capacity ȳnew

g MW
ȳex
g Maximum power generation capacity of generator g ∈ Gex

n MW
yre
t,e Renewable power generation of generator e ∈ EE per MW capacity MWh/MW
yex
t,n exogenous generation5 at node n ∈ N in MW h

Table 3. Variables

Symbol Description Unit
dt,n Demand of node n ∈ N in time period t MW h
d+
t,n Positive load shedding at node n ∈ N in in time period t MW h
d−t,n Negative load shedding at node n ∈ N in in time period t MW h
pt,n Energy price at node n ∈ N in time period t ∈ T e/MWh
ft,l Power flow on line l ∈ Lex ∪ Lnew in time period t MW h
yt,g Power generation of generator g ∈ Gall

n MW h
y+
t,g Positive redispatch of generator g ∈ Gall

n MW h
y−t,g Negative redispatch of generator g ∈ Gall

n MW h
yre
t,n Total renewable power generation at node n ∈ N in MW h
ȳnew
g New power generation capacity installed of generator g ∈ Gnew

n MW
ȳdec
g Reduction of power generation capacity of generator g ∈ Gex

n MW
θt,n Voltage angle at node n ∈ N in time period t rad
zl Decision variable for candidate line l ∈ Lnew —

for a neighboring country if there exists an interconnector from a federal state to this neighboring
country; see Figure 1.

Demand. According to Übertragungsnetzbetreiber (2016), Scenario B 2035, we assume a
constant development of the net electricity consumption. Therefore, we use hourly demand data
from www.entsoe.eu and the distribution of the demand to federal states follows Übertragungsnet-
zbetreiber (2014b), Table 32. For neighboring countries, the residual demand is estimated by the
overall quantities that were traded cross-border and by the respective prices of these countries.6

Renewable generation. Renewable technologies (wind, solar, hydro power) are exogenously
given in our analysis. In order to determine the existing renewable capacities in 2035, we use the

6For the traded quantities between Germany and its neighboring countries, we use the hourly scheduled flows
of ENTSO-E (2015). The prices are extracted from market information. For DE, AT, CH and FR: http://www.
epexspot.com/de/marktdaten/auktionshandel, for CZ: http://www.ote-cr.cz/statistics/yearly-marketreport,
for PL: http://wyniki.tge.pl/en/ and for DK:http://www.nordpoolspot.com/historical-market-data. Since
prices for the Netherlands are inaccessible, we use the French prices for our estimation as both price developments
are very similar.

www.entsoe.eu
http://www.epexspot.com/de/marktdaten/auktionshandel
http://www.epexspot.com/de/marktdaten/auktionshandel
http://www.ote-cr.cz/statistics/yearly-marketreport
http://wyniki.tge.pl/en/
DK: http://www.nordpoolspot.com/historical-market-data
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Figure 1. Illustration of the simplified network structure

expansion forecasts of scenario B 2035 in Übertragungsnetzbetreiber (2016). The hourly production
of wind and solar generators is calculated based on historical production data and high-resolution
weather data.7 The production of hydro power is calculated as follows: The monthly production for
each federal state (Destatis (2016)) gets interpolated, afterwards, the hourly production in each
federal state is calculated according to the relation of their installed capacities (Bundesverband der
Energie-und Wasserwirtschaft e.V. (2014)).8

Conventional generation. In our analysis, existing conventional generators are divided into
the technology classes lignite, hard coal, gas (combined cycle gas turbine and open gas turbine),
and gas-fired CHP.9 We consider all generators in Übertragungsnetzbetreiber (2014c), which are
still in operation in scenario B 2035 and whose current status is not "in planning" but "under
construction", "in operation", "in reserve", or "temporarily closed" (if the scenario framework states

7See BNetzA (2015) for installed capacities, www.50hertz.com/de/Kennzahlen, www.amprion.net/netzkennzahlen,
www.tennettso.de/site/Transparenz/veroeffentlichungen/netzkennzahlen and www.transnetbw.de/de/kennzahlen for
historical production data, and NASA (2016) for weather data. Furthermore, note that although a deterministic
production profile of renewables is used in our model, we are confident that the choice of the representative hours of
the year considered in our case study is sufficient to reflect typical fluctuations of renewable production.

8Even if the expansion of renewable technologies is exogenously given in our analysis, we assume investment costs
in order to calculate meaningful welfare values. The cost values are stated in Prognos et al. (2016) and are based on
Prognos (2013), Prognos and Fichtner (2013) and Agora Energiewende (2015).

9CHP generators are separated in heat-driven CHP and market-driven CHP, the respective capacities can be found
in Prognos et al. (2016). The hourly production of heat-driven CHP is exogenously given. In contrast, market-driven
CHP generators are – analogously to all other conventional generation technologies – considered endogenously. Note
that an expansion is only possible for market-driven CHP.
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a capacity for the year 2035). Conventional generation investment is determined endogenously in
the model.10 Operational cost of existing generators and investment cost (given as annuities) of
candidate generators are based on Konstantin (2013). Marginal cost of conventional generators
consists of fuel cost (Übertragungsnetzbetreiber (2014b)), transportation cost in case of hard coal
(Egerer et al. (2014)), emission certificate prices (Übertragungsnetzbetreiber (2014b)) and consider
the degree of efficiency of the generators (Egerer et al. (2014)). Market-driven CHP generators have
an advantage of marginal cost occurring by additional incomes from heat sold, which is assumed to
be 20 e/ MWh in the annual average; see Prognos et al. (2016).

Congestion management. If traded spot market quantities are not physically feasible after
redispatch, a partial load shedding is necessary, that is assessed with the value of lost load of 5000
e/ MWh, see Kunz and Zerrahn (2015). After the determination of network expansion under
consideration of these costs, costs of 500 e/ MWh for negative load shedding and costs of 200 e/
MWh for positive load shedding are assessed for the network operators.11

3. Additional Results

In this section we present additional results to Section 4 (Results) of the paper.

10For lignite and CHP generation expansion we assume local expansion capacity limits according to Prognos et al.
(2016). The expansion of CHP for whole Germany is limited to 7000 MW.

11The regulation for interruptible loads of 28 December 2012 (BGBI. I page 2998), §4(3) states that: "The energy
price in terms of section 1 must be at least 100 and may at most reach 400 e per megawatt hour." The value of
positive load shedding is based on assumptions of Ambrosius et al. (2018).
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Figure 2. Residual load in region "Northwest"
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Figure 3. Residual load in region "Northeast"
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Figure 4. Residual load in region "South"
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