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Abstract. In this paper we propose an equilibrium model in order to analyze the impact of
electricity market design on generation and transmission expansion in liberalized electricity
markets. In a multi-level structure, our framework takes into account that generation investment
and operation is decided by private investors, while network expansion and redispatch is decided
by a regulated transmission system operator — as well as the different objectives of firms (profit
maximization) and the regulator (welfare maximization). In order to illustrate the possibilities to
quantify long term economic effects with our framework, we calibrate our model for the German
electricity market. We consider various moderate adjustments of the market design: (i) the division
of the market area into two price zones, (ii) the efficient curtailment of renewable production
and (iii) a cost-benefit-driven balance between network expansion and network management
measures. We then analyze the impact of these market designs on generation and transmission
investment in case those design elements are anticipated upon network development planning.
The resulting investment and production decisions are compared to a benchmark that reflects
the current German electricity market design and to an overall optimal first-best benchmark.
Our results reveal that price zones do have a significant impact on locational choice of generators
and result in a reduced need for network expansion, but lead to only moderate annual welfare
gains of approximately 0.9% of annual total system costs. Anticipation of optimal curtailment
of renewables and a cost-benefit-driven use of redispatch operations upon network expansion
planning, however, implies a welfare gain of over 4.9% of annual total system costs per year as
compared to the existing market design, which equals 85% of the maximal possible welfare gain
of the first-best benchmark.
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1. Introduction

In liberalized electricity markets, prices are determined at the electricity spot market (the major
platform being usually a power exchange). There are two basic approaches for price formation:
nodal and zonal pricing. In a nodal pricing system – as it is used in the United States, New Zealand,
or Russia – electricity trading fully accounts for physical network constraints and ensures an optimal
use of the transmission capacities of the network; see for instance Joskow (2008), Leuthold et al.
(2008), or Holmberg and Lazarczyk (2015). If a line is congested, nodal prices at both ends of this
line will differ. In contrast, under a zonal pricing system, electricity trading does not take into
account intra-zonal network constraints. Potentially arising network congestion is then alleviated
through a system of redispatch by regulated transmission system operators (TSOs). This system of
zonal pricing is established for example in Europe and Australia.

As many countries in Central Europe constitute single price zones, like Germany and Austria,
Switzerland, and France at the European Energy Exchange (EEX), there are no locational price
signals from the spot market within these countries for generation investment. Price differences
can only occur between these countries if flows between the zones are restricted by the available
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transfer capabilities (ATCs).1 Ding and Fuller (2005) compare systems with nodal pricing and with
zonal pricing and show that both market regimes result in the same efficient outcome in the short
run. However, in the long run, zonal pricing leads to inefficient locational investment incentives as
revenues of generators do not depend on their location. Generators in import-constrained areas, for
example, do not see high peak load prices in case of network congestion and marginal revenues
would be too low to incentivize generation investment in these areas. Therefore, such a system of
zonal pricing may imply suboptimal locational choices on investment and operation, which might
then result in an excessive need for network expansion. This insight is confirmed by Grimm et al.
(2018b), who show that system-optimal location of generators without regionally differentiated
price signals in the short run does not lead to significant efficiency gains.

To alleviate the above mentioned distortions of investment and operation incentives, several
adjustments of the current market design have been proposed in the scientific and the policy
discussion. One of these proposals aims at splitting up the national markets into several smaller
price zones. Then, network restrictions between these new zones would also be taken into account
at spot market trading (see Stoft (1997) and de Vries et al. (2009)). From a long-run perspective,
different zonal prices could incentivize generation investment in regions with excess demand.2 In
contrast to market splitting between countries, however, market splitting within countries is often
considered politically infeasible; see, e.g., Holmberg and Lazarczyk (2015) and, for the case of
Germany, StromNZV (2017).3 Therefore, as an alternative to zonal or nodal pricing systems, it is of
interest to evaluate also more moderate modifications of the market design that have the potential to
increase efficiency but rely on only one national price zone. Among the most promising measures are
(i) the efficient curtailment of renewable production and (ii) a cost-benefit-driven balance between
network expansion and network management measures (redispatch). However, those measures will
only have impact on transmission investment decisions if they are accounted for in the network
expansion planning procedure. Nowadays, network expansion planning is typically conducted under
the paradigm that traded spot market quantities should be feasible on the network without the
requirement to use short-run congestion management measures (i.e., curtailment or redispatch); see,
e.g., BNetzA (2014) and Übertragungsnetzbetreiber (2016) for the case of Germany or ENTSO-
E (2012) and Bongers et al. (2016) for a more general European consideration. Alternatively,
several authors propose that the network expansion planning procedure should consider short-run
congestion management measures like redispatch and renewable curtailment as an alternative to
network expansion and to adjust the network expansion plans accordingly; see, e.g., Jacobsen and
Schröder (2012) and Bongers et al. (2016).

In this paper we analyze different market designs using electricity market models that capture
not only short run operation decisions, but also investment decisions in generation and transmission
capacity. To consider the interdependencies between generation and transmission expansion under
a system of zonal pricing, one has to account for the fact that due to unbundling regulations (e.g.,
EnWG (2017) §6–10 in Germany) network and generation has to be operated separately. As the
TSOs are regulated while generation is operated by private firms acting in a market environment,
it is necessary to consider the different objectives of all involved decision makers in a multi-level
model. This has been addressed by Grimm et al. (2016b) who introduced a tri-level model where a
regulated TSO decides on network investment at the first level and anticipates private generation
expansion and spot market trade under zonal pricing at a second level. Network congestion is then

1The ATCs are determined by the Joint Allocation Office (JAO) which consists of 22 European TSOs; see
http://jao.eu/aboutus/history/overview. In May 2015, Flow-Based Market Coupling (FBMC) was inaugurated
in the Central Western Europe (CWE) market area (Belgium, France, Germany/Austria, and the Netherlands).
FBMC is a new approach for calculating the cross-border ATCs by considering the physical characteristics of the
underlying network more detailed; see, e.g., van den Bergh et al. (2016). It extends the conventional calculation
approach which is mainly based on the thermal capacities of the respective cross-border transmission lines. For the
sake of keeping the following considerations traceable, we disregard FBMC in this study.

2Such a system is nowadays implemented in the Scandinavian countries with the Nord Pool spot market; see
https://www.nordpoolgroup.com/the-power-market/Bidding-areas/.

3According to StromNZV (2017) §3a, TSOs are obliged to carry out trading transactions within Germany in such
a way that Germany constitutes a uniform electricity price zone.

http://jao.eu/aboutus/history/overview
https://www.nordpoolgroup.com/the-power-market/Bidding-areas/
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resolved via cost-based redispatch by the TSO at a third level. The authors provide a reformulation
of this approach that results in a bi-level model and apply it to two test networks from literature.4

The contribution of this paper is to extend the equilibrium model introduced by Grimm et al.
(2016b) such that it can be applied to real world electricity markets. For this purpose, we introduce
an approach to model the neighboring countries of the considered electricity market and expand
the model such that it can incorporate decommissioning of existing generators, renewable energy
production and curtailment, and the network expansion planning procedure. We then use the
resulting Generation And Transmission Expansion (GATE) model to evaluate different market
design proposals from the current scientific and policy debate. To provide economically and
politically relevant statements we calibrate our model with data from the German electricity market,
based on scenarios for the year 2035 that have been developed in the context of the German network
development plan.5 Germany is a perfect candidate for such an analysis as it is pioneering the
transition to renewable electricity production (see, e.g., Laes et al. (2014)). Due to the nuclear
phase-out until 2022, the decommissioning and repowering of old conventional generators, and
the huge installation of fluctuating renewable generation capacities, massive adjustments of the
transmission network are required within the next decades. In order to keep the model tractable we
consider a simplified network with one node per German federal state and various nodes representing
neighboring countries.6 Potential candidates for transmission expansion are taken from the network
development plan (NDP) for the German transmission network (see Übertragungsnetzbetreiber
(2016)). Within our framework, we consider market splitting, optimal renewable curtailment, and a
cost–benefit driven use of redispatch operations. In particular, we show how these modifications of
the market design would affect transmission and generation investment if they were accounted for
in the network development plan. The resulting investment and production decisions are compared
to the outcomes of a status quo reference scenario (one price zone for the considered country and
conventional network expansion planning procedure) and an overall optimal first-best benchmark
(nodal pricing system).7

Our results reveal that introducing more price zones by market splitting does have a significant
impact on locational choices of generation capacities and results in a reduced need for network
expansion. The annual welfare gain amounts to 0.9% of annual total system costs for the German
market. However, compared to the total efficiency potential of 5.7% of annual total system costs in
the first-best benchmark this seems to be only a moderate improvement. In contrast, our results for
a modified network expansion planning procedure show significantly larger welfare gains. Significant
effects can be achieved by taking into account market-driven curtailment of renewable generators
and by considering redispatch and renewable curtailment as an alternative to network expansion.
The associated welfare gain amounts to 4.9% of annual total system costs, which equals 85% of
the maximal possible welfare gain of the first-best benchmark. Thus, our results suggest that an
adaption of the network expansion planning procedure in combination with moderate adjustments
of the market design, in particular efficient curtailment rules for renewables, bears the potential for
considerable efficiency gains.

The remainder of the paper is structured as follows. Section 2 contains a review of the related
literature. In Section 3 we introduce the Generation And Transmission Expansion (GATE) model
in detail. We present the basic economic and technical setup, explain both levels of the GATE
electricity market model, and finally state the integrated planner model which determines the
system optimum that is used as a first-best benchmark. We introduce the data basis for our study

4The first example is taken from Jenabi et al. (2013) and consists of three nodes. The second test network is a
six-node example by Chao and Peck (1998) which has been widely used in the electricity market literature.

5The reason for using data of 2035 is that it typically takes 5 to 7 years from the decision on the investment to
the completion of the power plant. The year 2035 is thus approximately in the middle of the lifetime of the power
plant and is well suited as a representative year for evaluating the investment.

6In order to be able to analyze investment and operation decisions in a multi-level framework, it is necessary to
use an aggregated network structure and simplifying assumptions on power flows (a DC lossless approximation) to
get meaningful results.

7It is shown that the outcome of the first-best benchmark corresponds to the system optimum where an integrated
planner jointly decides on generation and network expansion and operation and minimizes total costs; see Hogan
(2002), Garces et al. (2009), and van der Weijde and Hobbs (2012).
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and the scenarios we consider for our analysis of the German electricity market in Section 4. In
Section 5 we present our results, Section 6 concludes.

2. Literature

In the literature that analyzes generation and transmission expansion in electricity systems,
most contributions use single-level optimization models to determine the cost-minimizing system
optimum; see, e.g., Dietrich et al. (2010), Capros et al. (2011), or Schaber et al. (2012). These
models correspond to our first-best benchmark scenarios and can moreover be used to analyze
investment incentives in markets where a system of nodal prices is implemented, see Hogan (2002),
Garces et al. (2009), and van der Weijde and Hobbs (2012). To consider the interaction of regulated
TSOs and private firms in liberalized electricity markets, Jenabi et al. (2013) use a bi-level model
taking into account the different objectives and decision variables of the different agents but still
assume nodal pricing at the spot market. Hence, spot market quantities do not require a subsequent
redispatch. Also van der Weijde and Hobbs (2012), who introduce a model to analyze generation
and transmission expansion under uncertainty and calibrate it for the British electricity market,
consider physical network restrictions at the spot market. This assumption simplifies the interaction
between TSOs and private firms and allows to reformulate the model as a single-level optimization
problem. Hence, this assumption allows to make the model computationally tractable for large
networks in spite of their high complexity.

The above mentioned models are adequate for markets with regionally differentiated price signals
and spot market quantities that result in feasible network flows, which essentially makes redispatch
unnecessary. However, they are not able to consider the long-run interaction of regulated TSOs
and private firms in liberalized electricity markets with price zones, where not all physical network
constraints are taken into account at the spot market, as it is the case in many electricity markets
around the world – especially in Western Europe.

This is addressed by Grimm et al. (2016b) who analyze generation and transmission expansion
under different market designs, amongst others zonal pricing with one or more (in case of market
splitting) price zones, and nodal pricing. In a case study for a six-node test network, the authors
show that market splitting can induce a shift of generators close to load centers, which reduces
network expansion. Bjørndal and Jørnsten (2001) even call market splitting a second-best solution.
However, Grimm et al. (2016a) show that the efficiency of market splitting strongly depends on the
configuration of price zones. In the worst case, market splitting may even decrease welfare if zonal
prices induce investment in one of the zones but intra-zonal network congestion prevents the newly
installed capacity from being used. To avoid such negative effects of market splitting on welfare in
a long-term perspective, an optimal zonal configuration has to be determined; see Grimm et al.
(2019) for the theoretic model and Ambrosius et al. (2018a) for an advancement and application
of this model to the German electricity market.8 In a short-run analysis for the case of Germany,
Egerer et al. (2016) show that market splitting does not necessarily reduce the need for redispatch
significantly.9 As they do not consider endogenous generation expansion, they can only analyze the
impact of zonal prices on the operation of generators and the resulting impact on network flows.
We add to their findings by allowing for endogenous generation and transmission expansion.

Green (2007) argues that introducing zonal spot prices via market splitting or nodal pricing
will often involve transfers of rents between agents that are much higher than the net welfare gain.
Implementing a system with only one price zone reduces those transfers. Furthermore, market
splitting and nodal pricing lead to regionally differentiated prices for both producers and consumers,
which might result in regional disadvantages for energy-intensive electricity consumers and in
discrimination of end customers in high-price zones (see BMWi (2015) and Monopolkommission
(2015)). Finally, it is often argued that market splitting or nodal pricing might lead to market
power (see, e.g., Borenstein et al. (2000) and Borenstein et al. (2002)). All of these arguments are
likely to make the introduction of regionally differentiated spot prices hard from a political point of
view.

8Both contributions do not allow for endogenous network expansion which in contrast is done here for an
exogenously fixed configuration of price zones.

9Further studies on the analysis of market splitting in the short run were conducted for example by Stoft (1997)
or Trepper et al. (2015).
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For the aforementioned reasons, we also analyze modifications of the network expansion planning
procedure under a regime with only one price zone as an alternative to locational price signals.
Many contributions on transmission expansion, e.g., Schweppe et al. (1988), Binato et al. (2001),
da Silva et al. (2001), and Garces et al. (2009), determine optimal network expansion in the context
of an integrated planner who minimizes total system costs.10 They build the basis for Alguacil
et al. (2003) and Egerer et al. (2013) who analyze network expansion in liberalized electricity
markets under a given generation system. Both contributions consider redispatch as an alternative
to network expansion and thus account for the trade-off between network investment cost and
redispatch cost. This, however, does not reflect the network expansion planning procedure in many
electricity markets, where redispatch is disregarded as an alternative to network expansion.11 We
therefore contribute to the existing literature on network expansion by allowing for endogenous
generation and transmission expansion and by modeling the network expansion planning procedure
more in detail.

3. The Generation and Transmission Expansion Model (GATE)

In this section, we present the Generation And Transmission Expansion model (GATE model).
This model is based on the bi-level reformulation of the tri-level model developed in Grimm et al.
(2016b), which models the investment incentives in electricity markets under different market
designs. In comparison to the basic model which is applied to exemplary three and six node test
networks from the literature (see Chao and Peck (1996) and Jenabi et al. (2013)) we calibrate the
model in order to capture a realistic setup of liberalized electricity markets.

3.1. Timeline of our framework. Since we intend to model investment decisions of different
market participants in liberalized electricity markets, especially in markets where trading is based
on a system of zonal pricing, we have to consider all relevant interdependencies of the corresponding
market equilibria. The timing of decisions in our market game is illustrated in Figure 1. At the
beginning, the regulated TSO decides on line expansion while anticipating how this influences
the subsequent decisions of private firms (left box under the timeline of Figure 1). Private firms
decide on expansion or decommissioning of generation capacity (middle box), anticipating marginal
revenues from trade at the spot market over all periods t ∈ T (rightmost box, each period has length
τ).12 After each spot market, the TSO performs redispatch in case the allocation for the respective
hour is infeasible (also rightmost box). Power trading at the spot market is conducted based on a
system of zonal pricing and accounts for ATCs between zones while intra-zonal line capacities and
further physical line characteristics are not considered. Production and investment decisions by
private firms will only account for those network constraints that are visible to them upon trade.
Electricity markets can differ in the number of price zones within the country13 and the way of
calculating the ATCs within and across countries. In order to keep our model tractable, we assume
perfect competition at the spot market, which is in particular necessary in order to guarantee a
unique market equilibrium of the electricity market model (see Grimm et al. (2017)). Note that
assuming perfect competition is a common simplifying assumption in the related electricity market
literature where networks are explicitly modeled (see, e.g., Ehrenmann and Smeers (2005), Leuthold
et al. (2012), Oggioni et al. (2012)).

10The models differ by how the physical flow constraints are modeled, e.g., via linear or non-linear constraints,
and by the mathematical methods used to solve these problems.

11In the German network expansion planning procedure for example, in a first step, a so called scenario framework
is determined that contains several possible future electricity system configurations, abstracting from the network
infrastructure. Renewable curtailment is either not considered or only by a simple peak-shaving algorithm independent
of the respective network situation. Afterwards, the resulting spot market quantities are given as input to an exact
electrotechnical power flow simulation which determines the necessary transmission lines such that all allocations are
feasible on the network (see BNetzA (2014) and Übertragungsnetzbetreiber (2016)). For a more detailed discussion
on the procedure in Germany, see Prognos/FAU/EnCN (2016) and Grimm et al. (2016c).

12In many European electricity markets, electricity is traded for each hour of the day, i.e. τ = 1. However, due to
the strong increase of photovoltaics generation in the morning hours it is discussed to also allow for quarter hourly
bids, see https://www.epexspot.com/document/29113/15-Minute_Intraday_Call_Auction.

13While most European countries are based on a single price zone, e.g., France, Germany, and the UK, the
Scandinavian countries are divided into several price zones.

https://www.epexspot.com/document/29113/15-Minute_Intraday_Call_Auction
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After production and consumption quantities have been determined at the spot market, the
TSO is informed about the schedule and has to check whether the resulting flows are feasible on the
network. In case of congestion, the TSO has to redispatch generators. This means that she has to
reduce production of generators in the export-constrained area and increase production of generators
in the import-constraint area. Due to the fact that cheaper generators are substituted by more
expensive ones, this results in additional system cost for the TSO. To determine redispatch cost and
compensation payments for the affected generators, several redispatch regimes could be used. Since
most European electricity markets (e.g., France and Germany) use cost-based redispatch, which
determines compensation payments based only on the variable cost of the redispatched generators,
we use this redispatch system in our framework. In particular, we assume that the TSO orders
adjustments and all agents are compensated for the estimated costs associated with their individual
adjustments.14 Note that generators cannot realize any profits at the redispatch stage under such a
cost-based redispatch regime.

t

Line expansion
(TSO)

Generation capacity
expansion and

decommissioning (firms)

T periods of spot market
trading (firms) and redispatch
after each spot market (TSO)

Figure 1. Timing in liberalized electricity markets

3.2. Basic economic and technical setup. In this section, we present the basic notation that
is used throughout the paper:

Network: The considered electricity network consists of nodes n ∈ N which can be divided in
network nodes within the considered country N in and nodes in the neighboring countries Nout that
are connected by cross-border transmission lines with the considered country. At the spot market,
the considered country can be treated as either one price zone or as several price zones Zk ∈ Z (in
case of market splitting). The nodes are connected by transmission lines l ∈ L = Lex ∪Lnew, where
Lex denotes the existing lines and Lnew the candidate lines that can be built by the TSO. The
binary variable zl ∈ {0, 1} will have a value of ’1’ if line l is built and ’0’ otherwise. Furthermore,
Linter ⊂ L denotes all inter-zonal lines within one country (in case of market splitting) as well as
across countries. Lines l ∈ LHVDC ⊂ L are high voltage direct current (HVDC) lines, all other
lines l ∈ L \ LHVDC are alternating current (AC) lines. The set δin

m denotes all lines l = (n,m) ∈ L
which end in node m (δin

Zk
includes all lines ending in zone Zk). Analogously, δout

m denotes all lines
l = (m,n) ∈ L which start in node m, while δout

Zk
contains all lines starting in zone Zk. Every line

l ∈ L has a thermal capacity f̄l and a susceptance Bl. At the spot market, ATCs fatc−

l and fatc+

l

are considered for all inter-zonal lines l ∈ Linter, which can differ with respect to the direction of
the traded inter-zonal flows.

Consumption: Demand at each node n ∈ N in is elastic and given for all periods by the inverse
demand function pt,n(dt,n). It is assumed that pt,n is a linear, decreasing function of the form
pt,n(dt,n) = at,n − bndt,n.15 Additionally to the nodes within the considered country n ∈ N in, we

14Let us emphasize at this point, that – given our focus is on investment incentives – consideration of market-
oriented redispatch regimes in our model would increase the complexity beyond a tractable level. Holmberg and
Lazarczyk (2015) show that market-oriented redispatch, where the generators’ adjustments are compensated in
accordance with their stated costs, opens up arbitrage opportunities for producers between the spot market and the
redispatch market. Grimm et al. (2018a) compare cost-based redispatch and a market-based redispatch regime in the
short run (without transmission and generation investments) and show that market-based redispatch may decrease
welfare in the short run if the TSO is incentivized to minimize redispatch cost by the regulatory framework while it
can provide additional investment incentives in the long run.

15As under welfare maximization the gross consumer surplus is calculated by the integral over the inverse demand
function, linearity is required for obtaining a concave objective function. This is required for getting a unique solution
of the optimization problem.
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also have to consider its neighboring countries which can also trade electricity at the spot market
with the country under consideration. To model the cross-border spot market trading accordingly,
we have to adjust the demand function of each neighboring country to a so-called residual demand
function. This residual demand function is illustrated in Figure 2. Given a price p1, the market
is cleared within the neighboring country and there is no further residual demand for electricity.
However, given a price p2, supply exceeds demand and we obtain a negative residual demand or
demand for export to other countries amounting to d2. In contrast, given a price p3, demand for
electricity exceeds supply and we obtain a positive residual demand or demand for import into the
country which amounts to d3.16

quantity

price
supplydemandresidual demand

d1=0

p2

p1

p3

d2 d3

export d2

import d3

Figure 2. Residual demand function of neighboring countries

Generation: Conventional generators g ∈ Gall
n = Gex

n ∪ Gnew
n are located at nodes n ∈ N in.

Existing generators g ∈ Gex
n have a capacity ȳex

g . Firms can decommission generation capacity ȳdec
g

if operational cost (i.e., fixed operating cost) cop
g exceed expected profits of the respective generator.

Furthermore, firms can decide to invest in a generation capacity of ȳnew
g for all candidate generators

g ∈ Gnew
n in case investment costs cinv

g will be covered by the expected spot market profits. There
might be limits ȳmax

g to the newly installed capacity for some of the generation expansion candidates
due to capacity limits of the required fossil fuels at the respective node.17 Furthermore, there might
be a subset of candidate generators Gtec

n ⊂ Gnew
n where total generation capacity expansion of

all generators in this subset is limited by a total capacity K, which could for instance reflect the
technical potential of certain technologies or political restrictions.18 Each generator has constant
marginal cost of production cvar

g and an equivalent availability αg ∈ [0, 1], which denotes the average
percentage of available capacity that can be used for electricity production. Generation of existing
and new generators is denoted by yt,g. In addition to conventional generation technologies (e.g.,
lignite, hard coal, or gas), which react to market prices endogenously in the market model, we also

16Due to the complexity of the bi-level model and the resulting need for simplifications, we developed this
approach to model interactions with neighboring countries. For our analysis, it is not possible to calibrate all
neighboring countries with own supply and demand functions as it is done in many electricity market models which
are used to analyze electricity markets in the short run or to model generation and transmission expansion in nodal
pricing systems or in a system optimum context. These models have to be calibrated for even larger market areas,
such as Western Europe, to account for transit flows in the considered countries, e.g., flows from Scandinavia to Italy
and Spain.

17E.g., the lignite resources in the eastern part of Germany will be restricted in the upcoming decades; see Section
3.2 in the Online Supplement.

18In our analysis, the permitted total expansion of new gas-fired combined heat and power (CHP) generators is
limited to 7 GW, which is assumed to be a political restriction necessary to meet the CO2 emission targets in 2050;
see Prognos/FAU/EnCN (2016).
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have to consider exogenously determined production of generation technologies like fluctuating
renewable energy sources (RES) (i.e., solar and wind energy), running-water power stations, and
heat driven combined heat and power (CHP) generators. The set Rn = Rmr

n ∪ Rcur
n contains all

considered RES technologies (including heat driven CHP generators) and can be divided into must-
run technologies Rmr

n and technologies Rcur
n which can be curtailed when spot prices are negative

or to alleviate network congestion; see Section 4.2. Each generator e ∈ Rn has an exogenously
determined capacity ȳres

e and production values yres
t,e ∈ [0, 1] which state the hourly electricity

production per unit of capacity. The total produced renewable energy of all RES technologies at
node n which is not curtailed is denoted by ỹres

t,n. Investment in RES technologies is not considered
in this paper.

3.3. The reformulated bi-level electricity market model. Grimm et al. (2016b) show that
the framework illustrated in Figure 1 can be transformed into a tri-level model. On the first level,
the TSO decides on network expansion. Her objective is to maximize social welfare, which is a
plausible assumption due to the fact that she is regulated.19 On the second level, private firms
decide on generation expansion (or decommissioning) and trade electricity at the spot market over
t ∈ T periods with the objective of profit maximization. Note that a prerequisite for modeling
these levels jointly is the assumption of perfectly competitive firms. On the third level, the TSO
redispatches spot market quantities in periods where they would result in network congestion under
the objective of redispatch cost minimization.20 Note that due to the characteristics of cost-based
redispatch, third-level decisions of the TSO do not affect the profits of private firms and, thus,
their expansion and production decisions on the second level. Therefore, the tri-level model can be
reformulated as a bi-level model (see Grimm et al. (2016b)). As it can be shown that this still holds
for the model adjustments in this paper21, we directly present the reformulated bi-level GATE
model in the following sections. For market designs where the decisions of private firms do not
depend on the decisions of the TSO (e.g., under a system with only one price zone) the two levels
can be solved sequentially.22 In this case, it is possible to first solve the market level presented in
Section 3.3.1, fix the market outcomes as input of the network level presented in Section 3.3.2, and
then solve this level.23 For the market splitting scenarios, which are more complex market designs
with interdependencies between both levels, we will briefly discuss a solution algorithm in Section
4.2. A schematic illustration of the numerical implementation as a computable bi-level equilibrium
model is shown in Figure 3.

3.3.1. Market level: Optimal generation expansion and spot market trading. On the market level,
private firms decide on expansion and decommissioning of conventional generation capacities and
afterwards trade electricity at the spot market in all considered periods t ∈ T . Their objective
is to maximize profits. It has been shown that profit maximization under perfect competition
by all firms implements the welfare optimum under our assumptions; see, e.g., Grimm and Zöttl
(2013). Therefore, we can derive the market level solution by solving for the welfare optimum,

19In Germany for instance, the transmission network is apportioned among four TSOs, who are supervised by the
Bundesnetzagentur (BNetzA). Under the assumption of perfect competition and perfect information, we can assume
that there is only one TSO who is responsible for the whole network.

20This is a valid assumption since redispatch cost as part of the TSOs’ expenditures is allocated to electricity
consumers via network fees and should be as small as possible due to regulation.

21See appendix A for the proof.
22In addition to market-splitting, Grimm et al. (2016b) also consider different network fee regimes, which might

lead to interdependencies of the variables of the two levels. In these cases, solution algorithms are required to solve
the real bi-level model. As we do not focus on network fee regimes in this paper, we use the lump-sum approach
where no network fee interdependencies exist.

23In case several generators have similar investment, operational, or marginal cost, the solution of the market
level does not have to be unique anymore. Therefore, a tie-breaking rule has to be applied which implements a
reasonable solution. If investment cost and marginal cost of candidate generators are identical, expansion will
be proportional to the respective capacity limit ȳmax

g . Expansion will be identical if no capacity limit exists. If
operational cost and marginal cost of existing generators are identical, decommissioning will be proportional to the
respective capacity. Finally, if candidate generators which have been expanded or existing generators which have not
been decommissioned have identical marginal cost, their hourly generation will be proportional to their respective
capacity.
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1st level (network): Optimal transmission expansion and cost-based redispatch
TSO choses line investment and redispatch quantities in order to

max social welfare
s.t. Kirchhoff’s first and second law

transmission flow restrictions
consumption and generation capacity limits
spot market and final quantities

2nd level (market): Optimal generation expansion and spot-market trading
Firms chose generation capacities and spot-market quantities in order to

max profits
s.t. zonal version of Kirchhoff’s first law

market coupling flow restrictions
consumption and generation capacity limits

Figure 3. Schematic representation of the bi-level GATE model

which is given by ψ2 as the difference of gross consumer surplus and the sum of generators’ variable,
operational, and investment costs:

ψ2 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dspot
t,n

0
pt,n(ξ) dξ

)

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yspot

t,g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g ) +

∑
g∈Gnew

n

cinv
g ȳnew

g

 (1)

As physical restrictions of the transmission network within one price zone are not considered at
the spot market, there are no power flow restrictions for intra-zonal lines. If we only considered one
country without market splitting and without its neighbors, we would just need the following market
clearing condition instead of power flow restrictions, where total demand equals total conventional
and renewable generation for every period t:

∑
n∈N in

dspot
t,n =

∑
n∈N in

(
∑
g∈Gall

n

yspot
t,g + ỹres

t,n) for all t ∈ T (2)

As we want to consider market splitting within countries and market coupling with neighboring
countries in this paper, each country is treated as an individual price zone.24 Thus, instead of (2)
we have to use a zonal version of Kirchhoff’s first law, i.e.,

∑
n∈(N in∪Nout)∩Zk

dspot
t,n =

∑
n∈N in∩Zk

(
∑
g∈Gall

n

yspot
t,g + ỹres

t,n)

+
∑
l∈δin

Zk

f spot
t,l −

∑
l∈δout

Zk

f spot
t,l for all Zk ∈ Z, t ∈ T (3)

Power flows on inter-zonal lines are restricted by the ex-ante determined ATCs.25 We thus obtain
the following market coupling flow restrictions for existing and endogenously built lines:

24In case of market splitting, there are more zones within the respective country.
25ATCs between countries and existing price zones can be derived from historical values while ATCs on inter-zonal

lines between newly defined price zones have to be calculated by some estimations, e.g., by multiplying the lines’
thermal capacity with a security factor.
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fatc−

l ≤ f spot
t,l ≤ fatc+

l for all l ∈ Linter ∩ Lex, t ∈ T (4a)

zlf
atc−

l ≤ f spot
t,l ≤ zlfatc+

l for all l ∈ Linter ∩ Lnew, t ∈ T (4b)
Other physical flow restrictions such as Kirchhoff’s second law (see Section 3.3.2) are not

considered at the spot market. Consumption within the considered country needs to be positive,
while it can also have a negative value for nodes in neighboring countries in case of export:

0 ≤ dspot
t,n for all n ∈ N in, t ∈ T (5)

Electricity production of all generators is limited by the product of their capacity, their equiv-
alent availability, and the period length. We have to distinguish between existing generators,
where generation capacity is determined by the difference of the exogenously given capacity and
the endogenously decommissioned capacity, and new generation technologies, where capacity is
determined endogenously:

0 ≤ yspot
t,g ≤ αgτ(ȳex

g − ȳdec
g ) for all n ∈ N in, g ∈ Gex

n , t ∈ T (6a)
0 ≤ yspot

t,g ≤ αgτ ȳnew
g for all n ∈ N in, g ∈ Gnew

n , t ∈ T (6b)
Restrictions on the newly installed generation capacity, which may for instance arise due to

capacity limits of the required fossil fuels, are modeled by the following generation expansion
restriction:

0 ≤ ȳnew
g ≤ ȳmax

g for all n ∈ N in, g ∈ Gnew
n (7)

The following constraint limits total capacity expansion of a subset of candidate generators by a
maximum capacity which for instance reflects the technical potential of a certain technology or
political restrictions:

∑
n∈N in

∑
g∈Gtec

n

ȳnew
g ≤ K (8)

In addition to the generation investment in Grimm et al. (2016b), we also allow for decommis-
sioning of unprofitable existing generators in this paper. The decommissioned capacity is limited
by the existing capacity of the respective generator:

0 ≤ ȳdec
g ≤ ȳex

g for all n ∈ N in, g ∈ Gex
n (9)

Furthermore, the GATE model allows to consider renewable generation technologies, which in
general are considered as must-run technologies and have marginal production cost of zero. In
scenarios without renewable curtailment, the lower and the upper bound of the following constraint
would be identical and fix the total renewable production to this exogenously determined value.
Depending on the market design, part of the renewable technologies may be used for curtailment in
periods of negative prices at the spot market such that there is some degree of freedom for total
renewable production:

∑
e∈Rmr

n

ȳres
e yres

t,e ≤ ỹres
t,n ≤

∑
e∈Rmr

n ∪Rcur
n

ȳres
e yres

t,e for all n ∈ N in, t ∈ T (10)
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The resulting market level is a concave-quadratic maximization problem over a set of mixed-
integer linear constraints, where all discrete variables are variables of the network level:

max ψ2 (1)
s.t. zonal version of Kirchhoff’s first law: (3),

market coupling flow restrictions: (4),
consumption and generation capacity limits: (5), (6), (7), (8), (9), (10)

3.3.2. Network level: Optimal transmission expansion and cost-based redispatch. On the network
level, the regulated TSO decides on network expansion and conducts cost-based redispatch for
all periods t ∈ T whenever the traded spot market quantities lead to network congestion. Under
cost-based redispatch (as it is used in Austria, Switzerland, or Germany) firms called into operation
are just compensated for their variable production cost. In order to simplify the analysis, we assume
that the regulated TSO can assess the generators’ variable production cost accurately, i.e., there
is no room for misreporting production cost at the redispatch stage. Consequently, redispatch
operations cannot contribute to the recovery of investment cost; see Grimm et al. (2016b). Grimm
et al. (2016b) show that under cost-based redispatch of that kind the redispatch cost minimizing
solution equals the welfare maximizing solution in the short run (i.e., for fixed line and generation
investment). In their paper, this finding is used to merge the first level (network expansion) and the
third level (redispatch) of the tri-level formulation of the model, which results in the network level
of the GATE model. We assume that the regulated TSO has the objective to maximize welfare ψ1
on the network level. In contrast to the basic model in Grimm et al. (2016b), in our analysis we
focus on generation redispatch but not on demand redispatch as this reflects the current market
regulations more accurately. Therefore, spot market consumption should in general determine final
consumption after redispatch.

In particular, we allow the TSO to conduct generation redispatch in both directions, i.e., y+
t,g

and y−t,g, as well as positive and negative load shedding, i.e., d+
t,n and d−t,n, respectively. As these

options are supposed to be last resort measures for congestion management by the TSO, all of them
come along with penalty costs, i.e., crd for redispatch and c+ and c− for positive and negative load
shedding, respectively. This implies that short-run measures are only taken if line expansion cannot
resolve congestion.26 Note that for being able to compare welfare between different scenarios, these
penalty costs have to be deducted from the objective value ψ1 ex post, see Section 4.3.

Thus, the objective function of the TSO looks as follows:

ψ1 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dfinal
t,n

0
pt,n(ξ) dξ

)
−
∑

l∈Lnew

cinv
l zl

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yfinal

t,g +
∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g ) +

∑
g∈Gnew

n

cinv
g ȳnew

g


−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

crd(y+
t,g + y−t,g) +

∑
t∈T

(c+d+
t,n + c−d−t,n)

 (12)

When deciding on line expansion and redispatch, the TSO considers the full transmission network
with all its physical flow restrictions. We model these restriction according to Kirchhoff’s first and
second law. Kirchhoff’s first law concerns flow conservation and determines the flows in and out of
each node (dependent on the location of the node within or out of the considered country):

26In order too keep the model numerically tractable, in our analysis, we only consider the 15 proposed direct
current (DC) lines of the NDP 2014 (see Übertragungsnetzbetreiber (2014a)) as line expansion candidates while we
do not account for the proposed alternating current (AC) lines. Thus, not all potential infeasibilities can be resolved
through line expansion.
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dfinal
t,n =

∑
g∈Gall

n

yfinal
t,g + ỹres

t,n +
∑
l∈δin

n

ffinal
t,l −

∑
l∈δout

n

ffinal
t,l for all n ∈ N in, t ∈ T (13a)

dfinal
t,n =

∑
l∈δin

n

ffinal
t,l −

∑
l∈δout

n

ffinal
t,l for all n ∈ Nout, t ∈ T (13b)

Kirchhoff’s second law determines the distribution of the residual load at each node over its
adjacent transmission lines. It is modeled according to the linear DC-lossless approach given in
Schweppe et al. (1988) by means of the voltage phase angles θt,n and θt,m at both ends of each line
l = (n,m) ∈ L:27

ffinal
t,l −Bl(θt,n − θt,m) = 0 for all l = (n,m) ∈ Lex \ LHVDC, t ∈ T

(14a)
−Ml(1− zl) ≤ ffinal

t,l −Bl(θt,n − θt,m) ≤Ml(1− zl) for all l = (n,m) ∈ Lnew \ LHVDC, t ∈ T
(14b)

Note that Kirchhoff’s second law only applies to AC lines. In contrast to AC lines, power flows
in HVDC lines are fully controllable by adjusting the converter valves (see, e.g., van der Weijde
and Hobbs (2012) or Übertragungsnetzbetreiber (2012)). In order to obtain unique solutions for
the voltage phase angles, we need to set the phase angle of an arbitrarily chosen reference node
n̂ ∈ N in equal to zero:

θt,n̂ = 0 for all t ∈ T (15)
The power flow on each line is restricted by its thermal capacity, which results in the following

transmission flow restrictions:28

−f̄l ≤ ffinal
t,l ≤ f̄l for all l ∈ Lex, t ∈ T (16a)

−zlf̄l ≤ ffinal
t,l ≤ zlf̄l for all l ∈ Lnew, t ∈ T (16b)

As decisions of private firms on generation expansion or decommissioning are already made on the
market level, only the consumption and generation capacity limits concerning hourly consumption
and production of conventional and renewable generators are required; see equations (5), (6), and
(10). As discussed above, spot market quantities and final quantities after congestion management
by the TSO are connected as follows:

yfinal
t,g = yspot

t,g + y+
t,g − y−t,g for all n ∈ N in, g ∈ Gall

n , t ∈ T (17a)
dfinal
t,n = dspot

t,n + d+
t,n − d−t,n for all n ∈ N in, t ∈ T (17b)

dfinal
t,n = dspot

t,n for all n ∈ Nout, t ∈ T (17c)
y+
t,g ≥ 0, y−t,g ≥ 0 for all n ∈ N in, g ∈ Gall

n , t ∈ T (17d)
d+
t,n ≥ 0, d−t,n ≥ 0 for all n ∈ N in, t ∈ T (17e)

27Ml is a constant which is at least as large as the line’s thermal capacity f̄l. It is used to linearize the constraint
for new candidate lines l ∈ Lnew.

28In the related literature, the (n − 1)-criterion that is required for network expansion planning is often
approximated by setting capacity f̄l in the transmission flow restrictions (16) to 80% of the real thermal capacity of
the respective line; see, e.g., Kunz and Zerrahn (2015) or Weigt et al. (2010).
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The resulting network level is a concave-quadratic maximization problem over a set of mixed-
integer linear constraints:

max ψ1 (12)
s.t. Kirchhoff’s first and second law: (13), (14), (15),

transmission flow restrictions: (16),
consumption and generation capacity limits: (5), (6), (10),
spot market and final quantities: (17),

where we replace yspot
t,g by yfinal

t,g and dspot
t,n by dfinal

t,n in the consumption and generation capacity
limits (5), (6), and (10).

3.4. The integrated planner (IP) model as a first-best benchmark. In this section, we
present the integrated planner model in which a regulated integrated planner (IP) invests in both
generation capacities and transmission network and afterwards chooses optimal production and
consumption quantities for all periods t ∈ T under the objective of welfare maximization. This is
a standard approach in the electricity market literature to determine the system optimum which
is the cost-minimizing generation and transmission expansion and operation of a system without
considering the interaction between the different market participants in liberalized electricity
markets; see the discussion in Section 2. Therefore, the outcomes of this model cannot be used to
gain insights with respect to liberalized electricity markets with a zonal pricing system. However,
the results can be used as a first-best benchmark that indicates the maximum efficiency potential
of a system. This benchmark can be used to compare the outcomes of different market design
scenarios and to evaluate their efficiency; see Section 4.

The integrated planner has to meet all of the above mentioned restrictions for the TSO and
private firms simultaneously while maximizing social welfare ψIP, which is determined by subtracting
the investment cost of network expansion and the marginal, operational, and investment costs of
generators from the gross consumer surplus:29

ψIP =
∑

n∈N in∪Nout

∑
t∈T

(∫ dt,n

0
pt,n(ξ) dξ

)
−
∑

l∈Lnew

cinv
l zl

−
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

cvar
g yt,g +

∑
g∈Gex

n

cop
g (ȳex

g − ȳdec
g ) +

∑
g∈Gnew

n

cinv
g ȳnew

g

 (19)

The integrated planner has to consider all technical restrictions simultaneously at the same level.
This is the reason why the IP model can be solved more easily than the more complex bi-level GATE
model presented in Section 3.3. Therefore, the IP model is often used to approximate outcomes of
liberalized electricity markets which use a system of zonal pricing; see the discussion in Section
2. The integrated planner has to consider both the physical flow restrictions of the transmission
network and the consumption and generation capacity limits for his decisions on line expansion,
generation investment, and decommissioning and dispatch of consumption and production for all
periods t ∈ T . Summarized, the integrated planner faces the following mixed-integer maximization
problem with mixed-integer linear constraints and a concave-quadratic objective function:

max ψIP (19)
s.t. Kirchhoff’s first and second law: (13), (14), (15),

transmission flow restrictions: (16),
consumption and generation capacity limits: (5), (6), (7), (8), (9), (10),

where we do not need any superindex “spot” or “final” for yt,g, dt,n, and ft,l.

29As all physical flow restrictions are already considered while trading electricity, no congestion management
measures are required. Thus, penalty cost for congestion management are needless in the integrated planner model.
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It can be shown that this IP model also models the situation of an electricity market before
the liberalization where integrated generation and transmission companies owned and operated
both generators and network (see Grimm et al. (2016b)). Furthermore, the result of the IP model
coincides with the outcome of a bi-level model of a liberalized electricity market with a system of
nodal pricing at the market level under perfect competition (see Hogan (2002)).30

4. A case study for the German electricity market: Data basis and scenarios

The reformulated bi-level GATE model from Section 3.3 is used to analyze the impact of different
market design adjustments on generation and transmission expansion in electricity markets. Key
questions are: How inefficient are the outcomes of the current market design as compared to the
system optimum? To which extent do adjustments of the regulatory framework affect generation
and network expansion? What is the impact on welfare and electricity prices?

4.1. Data basis. In order to clearly illustrate and also quantify potential effects, we adopt a
real-world example using data from scenario frameworks for the German electricity market. All
relevant data for the calibration is adopted from Grimm et al. (2015) and Prognos/FAU/EnCN
(2016). As far as possible, the authors of those studies use the scenario framework of the German
network development plan 2025 coordinated by the regulator (see BNetzA (2014) and Übertra-
gungsnetzbetreiber (2014b)) and the network development plan 2025 (see Übertragungsnetzbetreiber
(2016)). The corresponding scenarios contain detailed forecasts for key parameters influencing the
electricity system in Germany for 2035. Note that we only use selected parameters from the scenario
frameworks, while various other variables are derived endogenously in our model calculation. In
order to keep the problem numerically tractable, the German transmission network has to be
aggregated to the reduced network structure illustrated in Figure 4. The reference year 2035 is
modeled in an hourly resolution. For numerical reasons only the hours of the first week of each
month are considered in the calculations instead of all 8760 hours, i.e., 12 · 7 · 24 = 2016 hours.31

For a more detailed description of the data, we refer to the data documentation in the Online
Supplement.

4.2. Scenarios. In the following, we present the scenarios which are considered in this paper. In
general, we have two classes of scenarios, the market equilibrium scenarios, modeling the current
or alternative market designs under a system of zonal pricing (ME), and the first-best benchmark
scenarios that capture an efficient (first-best) electricity system (FB).

Market equilibrium (ME): Market equilibrium scenarios (ME) reflect the current or alternative
market designs under a system of zonal pricing. For each hour, the spot market is settled at a
uniform price within each zone. While planning network expansion, in all (ME) scenarios, the
TSO anticipates generation capacity investment and decommissioning by private firms as well as
spot market outcomes. Since intra-zonal physical flow restrictions are not considered at the spot
market, occurring network congestion is resolved via cost-based redispatch by the TSO. In case
network congestion cannot be resolved by network expansion of the considered transmission line
candidates or by generation redispatch, in all (ME) scenarios, we allow for positive and negative
load shedding by the TSO. However, as the TSO is not allowed to consider load shedding as an
alternative to network expansion, load-shedding penalty cost (c+ and c−) are set to a value which

30It can be shown that the bi-level model from Section 3.3 with nodal pricing at the second level can be
reformulated as a single-level Integrated Planner model as it has been introduced in this section. If all network
restrictions are taken into account at the spot market (as it is the case under a nodal pricing system), the constraints
of the first (network) and second (market) level are identical and both levels can be summarized in a single-level
problem, analogous to the proof in Appendix A.

31Obviously, in our model investment of an additional unit of capacity will take place if the market profits of that
unit (the sum over short run profits in all periods where the unit produces) exceed the annuity of investment cost.
For investment cost, we consider annuities since we consider production decisions for a representative year. When
calculating yearly profits from operation, the sum of profits for 2016 hours are scaled with a factor of 8760/2016 in
order to be able to compare profits with annuities of investment cost.
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Figure 4. Network topology illustrating considered nodes and lines (blue: cross-
border lines; black: existing AC lines; orange: candidate DC lines). The zonal
boundary between Northern and Southern German in case of market splitting is
represented by the red line.

reflects the value of lost load (VOLL).32 All (ME) scenarios are modeled according to the bi-level
GATE electricity market model presented in Section 3.3.

First-best benchmark (FB): The first-best benchmark scenarios (FB) determine an efficient electric-
ity system and enable us to evaluate the impact of alternative market designs as compared to the
system optimum. Furthermore, outcomes of a (FB) scenario correspond to the outcomes of a nodal
pricing system. (FB) scenarios are modeled according to the integrated planner model in Section 3.4.

As a key focus of this paper, we consider different modifications of the market design. We
model a status quo scenario (SQ), vary the number of price zones in Germany (2Z), and consider
adjustments of the network expansion planning procedure that anticipate moderate modifications
of the market design (RD and RC).

Status quo (SQ): In the status quo (SQ) scenario, we consider the current German regulatory
framework regarding redispatch and RES curtailment and the current practice in network expansion
planning. In particular, upon network expansion planning the TSO is not allowed to trade off
network expansion and short-run congestion management measures. Therefore, the redispatch
penalty cost crd is set to a value close to the VOLL.33 Although redispatch is not considered as an
alternative upon network expansion planning, it can still be used for congestion management if spot
market quantities lead to infeasible network flows. Therefore, the network level is solved twice, first

32We consider different model specifications regarding the question whether redispatch can be seen as an alternative
to network expansion, see scenarios (SQ) and (RD).

33For each generator the sum of its marginal cost of production cvar
g and the redispatch penalty cost crd should

not exceed the VOLL to guarantee that redispatch is still preferred over load shedding.
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with high redispatch penalty cost crd to determine optimal network expansion and subsequently
with no redispatch penalty cost (crd = 0) and network expansion variables zl fixed to the solution
of the first iteration; see algorithm in Appendix B. As the TSO is not allowed to consider RES
curtailment as an alternative to network expansion, all renewable technologies are considered as
must-run technologies, i.e., Rn = Rmr

n .34

Two price zones (2Z): To assess the long-term impact of market splitting on investment incentives,
we consider a model specification where the German electricity market is divided into two price
zones. The southern zone consists of the federal states of Baden-Württemberg, Bavaria, Hesse,
Rhineland-Palatinate, and Saarland. The northern zone contains the remaining federal states; see
the illustration in Figure 4.35 The ATCs of the lines between Northern and Southern Germany,
which limit spot market quantities traded across both price zones, are set to λ% of the thermal
capacities of the respective lines and are identical in both directions, i.e., fatc+

l = fatc−

l = λf̄l. If
these ATCs are binding for the traded quantities, spot prices in the zone with excess supply will
be lower than in the zone with supply deficit, which in the long run leads to higher investment
incentives for generators in the latter zone. If ATCs are not binding, spot prices will be the same
across both zones in the respective period. As physical flow restrictions are only considered in a
simplified form at the spot market, it is still possible that spot market quantities do not result
in feasible flows between both zones even if ATCs were not exceeded at the spot market. In this
case, network congestion is still resolved by the TSO via cost-based redispatch. In this paper, we
consider two cases for the ATCs between Northern and Southern Germany, one with less restrictive
ATCs by setting λ = 60% and a more restrictive scenario with λ = 30%, which is expected to result
in more differentiated price signals.36 Note that within each zone, redispatch will have to be used
in case of congestion since intra-zonal congestion is not addressed by the market design with two
zones.

If there are inter-zonal lines between Northern and Southern Germany in the set of line candidates,
i.e., Linter ∩ Lnew 6= 0, spot market decisions of private firms will depend on the TSO’s decision
to build these lines. Grimm et al. (2016b) present an algorithm to solve the bi-level model. As
Kirchhoff’s second law is not considered at the spot market but only the total ATC between both
zones, it only matters how much inter-zonal line capacity is installed but not which lines exactly.37

Therefore, one could solve the bi-level model sequentially as it is done for the case of zonal pricing
with only one price zone by iterating over all line expansion scenarios with a different total ATC
between both zones. If there were for instance five inter-zonal candidate lines, this would result in
25 = 32 possible line expansion scenarios but only in six relevant scenarios for the spot market,
namely one where zero, one, ..., or all five lines are built. Thus, for every iteration i ∈ {0, 1, ..., 5}
the number of inter-zonal candidate lines being built is fixed to i on the market level by adding the
following constraint: ∑

l∈Linter∩Lnew

zl = i (21)

Afterwards, the market results determine the input of the network level for each iteration i. To solve
this level, the network level in Section 3.3.2 is also extended by equation (21). The optimal solution
of the algorithm is determined by the iteration i which was solved with the highest objective value

34In all but the (RC) scenarios, which are discussed below, RES curtailment is not allowed, neither at the spot
market when prices are negative nor for congestion management by the TSO. This is in line with §11 (feed-in priority)
and §14 (RES curtailment as a measure of last resort) of the EEG 2017, which has the “purpose [. . . ] to enable
the sustainable development of energy supply”, see EEG (2017). Thus, RES generation in these scenarios is given
exogenously.

35In this paper, we chose a division of the German federal states into two price zones which is similar to other
related contributions considering market splitting; see, e.g., Trepper et al. (2015).

36Related literature shows that only restrictive choices for ATC values have a substantial impact on price
differences between zones and are necessary to improve efficiency of the system; see, e.g., Egerer et al. (2016), Trepper
et al. (2015), and Ambrosius et al. (2018a). Also historical values of ATCs between Germany and its neighboring
countries usually correspond to at most half of the thermal line capacities; see Table 11 in Section 5 of the Online
Supplement.

37This will only hold if thermal capacities of all candidate lines are identical, which is the case in our analysis.
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(i.e., welfare). A detailed algorithm to solve the (ME) scenarios with one or more price zones for
the country under consideration is given in Appendix B.

Redispatch as an alternative to network expansion (RD): In the (RD) scenarios, an alternative
network expansion planning procedure is considered where redispatch in the future is considered as
a regular measure of congestion management. If investment cost of building a line is higher than the
expected redispatch cost which would incur without that line, the line is not built in this scenario.
In this scenario, only the real monetary redispatch cost is considered, which is determined by the
increase in variable cost due to the redispatch operation. To model this, the network level has to
be solved only once without redispatch penalty cost, i.e., crd = 0; see algorithm in Appendix B.

RES curtailment and consideration as an alternative to network expansion (RC): In an electricity
system with a high share of renewables, negative prices may emerge frequently. From an efficiency
perspective, curtailment of RES would be desirable in this case. In the (RC) scenarios, we explicitly
allow for RES curtailment to avoid negative prices. Furthermore, RES curtailment can be used by
the TSO for congestion management in case network congestion cannot be resolved by redispatch
of conventional generators only. Upon network expansion planning, the TSO is allowed to consider
RES curtailment as an alternative. This means that the TSO does not have to expand the network
to transmit the “last kWh” of renewable production. To model this, all wind and photovoltaic
technologies are shifted to the set of reducible RES Rcur

n , which is used in equation (10). This
is done for the market level and the network level in case of an (ME) scenario as well as for the
integrated planner model in case of an (FB) scenario.38

RES curtailment (RC∗): (RC∗) is an adjustment of (RC) where curtailment of fluctuating RES
production (i.e., wind and photovoltaics) is permitted at the spot market to prevent negative prices
and for congestion management by the TSO.39 However, the TSO is not allowed to consider this
measure as an alternative to network expansion. This scenario is considered as a sensitivity analysis
for the (RC) scenarios and is in particular used to assess the impact of additionally anticipating
RES curtailment upon network expansion planning. To model this, all wind and photovoltaic
technologies are considered as must-run technologies , i.e., Rn = Rmr

n , when solving the market
level and the network level for the first time. The resulting network expansion is fixed as input for
a second iteration, where both levels of the GATE model are solved with all wind and photovoltaic
technologies being shifted to the reducible RES Rcur

n .

All considered scenarios are summarized in Table 1.

4.3. Comparison of outcomes of considered scenarios. In the following, we specify various
indicators that we use to compare outcomes of the different scenarios considered. In Section 5,
we compare welfare, prices, the number of newly installed network lines, and newly installed or
decommissioned generation capacity. In this section, indicators on prices and welfare are specified
to allow a cross-scenario comparison of the results.

To begin with, we detail several components which have to be taken into account in order to
receive comparable electricity prices. The weighted average spot market price of node n, i.e.,

pavg
n =

∑
t∈T pt,ndt,n∑
t∈T dt,n

,

which is given by the market level outcomes, is not directly comparable between the considered
scenarios. The reason is that prices of nodes (in case of nodal pricing (FB)) or zones (in case of

38We assume that RES curtailment does not cause any additional costs other than compensation for foregone
revenues of owners of renewable generators, which will be taken into account in the calculation of the RES fee in
Section 4.3. In Germany, due to EEG (2017), §9, installation of a technical device that enables RES curtailment is
obligatory and therefore does not cause any additional costs. Furthermore, wear-and-tear costs of RES curtailment
are negligible, see Meah et al. (2008) and Mohammed (2011) for the case of PV as well as Wu et al. (2018) for the
case of wind generators.

39RES curtailment in our analysis differs from regulations like, e.g., the “Einspeisemanagement” in Germany
(see EEG (2017) §14) where RES curtailment is only allowed in periods when all other options (e.g., redispatch of
conventional generators) are already utilized and when network would be congested otherwise. In our context, RES
curtailment is also used to prevent negative prices, which decrease welfare of the electricity system.
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RD RC RC∗ 1 price zone 2 price zones nodal pricing
MESQ - - - x - -
MERC∗ - - x x - -
MERD x - - x - -
MERD&RC x x - x - -

MEλ2Z - - - - x -
FBSQ - - - - - x
FBRC - x - - - x

Table 1. Characteristics of considered scenarios

market splitting and market coupling (ME)) already contain parts of the network fees (namely
the pricing of network congestion). To compare electricity prices of all considered scenarios in our
analysis, we have to determine the corrected average electricity price pcorr

n for each node. Therefore,
it is necessary to calculate all additional electricity price components which may differ between the
considered scenarios and add them to the average spot market price. In our paper, this affects the
network fee and the RES fee.

The network fee is determined by the annual net network expenditures of the TSO, which are
apportioned to the consumers in proportion to their actual consumption. Net network expenditures
cnet are determined by the difference of network expenditures and network revenues, i.e.,

cnet = Eop + Einv + Ecm −Rnet.
Network expenditures contain maintenance cost of the existing transmission network given by a

constant parameter Eop that is identical for each scenario, investment cost for new lines given by
Einv =

∑
l∈Lnew cinv

l zl, and congestion management cost Ecm. The latter cost is determined by

Ecm =
∑
n∈N in

∑
t∈T

 ∑
g∈Gall

n

cvar
g (yfinal

t,g − y
spot
t,g ) + αc+d+

t,n + βc−d−t,n

 ,

which is the sum of redispatch cost for conventional generators and load-shedding cost.40 The
parameters α and β determine the share of the load-shedding penalty cost c+ and c−, respectively,
which is not only considered as penalty cost to minimize the use of load shedding, but also reflects
the monetary cost which is paid to compensate consumers that were used for load shedding.41

Network revenues arise from implicit auctions of inter-zonal line capacities in case of market
coupling, market splitting, and nodal pricing. In periods with price differences between two zones
or nodes, the line capacity between zones is binding. If in this case, for example, one MW h is sold
from a generator located in a low price zone to a consumer located in a high price zone, the TSO
will receive the price difference, which contributes to TSO income. These revenues are determined
as follows:42

40RES curtailment is compensated at marginal cost of zero in the respective scenarios. This differs from regulations
such as, e.g., the “Einspeisemanagement” in Germany (see EEG (2017) §14) where curtailed RES facilities still
receive the guaranteed feed-in tariff. In contrast, we consider these lost revenues in the calculation of the RES fee.

41Load-shedding penalty costs (c+ and c−) are set to € 5000, which corresponds to the VOLL given in Kunz and
Zerrahn (2015). Furthermore, we chose negative load-shedding cost αc+ = € 500, which is within the scope given by
the “Ordinance on Agreements Concerning Interruptible Loads” in Germany (see AbLaV (2016) §4). The value of
positive load-shedding cost of βc− = € 200 results from own assumptions regarding incentives for flexible consumers
(see Ambrosius et al. (2018b)).

42In case of cross-boarder lines with neighboring countries, revenues on these interconnectors are assumed to be
split equally between the TSOs of both countries.
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Rnet =
∑

l=(n,m)∈Linter

∑
t∈T
| ft,l(pt,n − pt,m) |

The RES fee is determined by the annual RES subsidy, which is split equally among the annual
total consumption. The RES subsidy cresSub is necessary to incentivize RES investment. The
minimum RES subsidy necessary to incentivize RES investment is given by the difference of the
total investment cost for building all RES technologies e ∈ ∪n∈N inRn and the revenues from selling
their production at the spot market:43

cresSub =
∑
n∈N in

(∑
e∈Rn

cres
e ȳres

e −
∑
t∈T

pt,nỹ
res
t,n

)
Note that while in our analysis the RES fee is determined such that profits of RES generators

are zero, in real-world application a profit zero calculation is not plausible. Based on the respective
legal framework and the concrete auction design, at least certain renewable generators may realize
profits.44

Finally, the corrected average electricity price of node n is given by

pcorr
n = pavg

n + cnet∑
m∈N in

∑
t∈T dt,m︸ ︷︷ ︸

network fee

+ cresSub∑
m∈N in

∑
t∈T dt,m︸ ︷︷ ︸

RES fee

. (22)

To compare welfare between (ME) and (FB) scenarios, positive and negative load-shedding
penalty costs have to be deducted from the objective values of the (ME) scenarios ex post.45

Therefore, welfare W of all market equilibrium scenarios (ME) is determined as follows:46

W = ψ1 +
∑
n∈N in

∑
t∈T

(c+d+
t,n + c−d−t,n)

In addition, we consider producer surplus (PS) and consumer surplus (CS), which can be
calculated at each node. The nodal producer surplus is calculated from the revenues of conventional
generators located at that node at the spot market less their production, operational, and investment
costs. The nodal consumer surplus is calculated from the gross consumer surplus of the local
consumers at the spot market less the spot market cost of the purchased electricity. In addition,
network costs (investment cost, congestion management cost but also revenues arising from implicit
auctions of inter-zonal line capacities) and the annual RES subsidy (i.e., annuity of investment cost
of RES generators less their revenues at the spot market) are distributed to the nodes according to
the local share of total consumption and are subtracted to obtain the final nodal consumer surplus
values.

5. Results

In this section, we discuss the results of the GATE model for the German electricity market in the
year 2035 for all considered scenarios. To be able to compare the results of the quantitative analysis
to the total system costs, Table 2 shows the annual system costs which result from expansion
(transmission lines and generators) and operation of the system (production) under the current
regulatory framework in the model.

43As we calibrate our model for the year 2035, we assume that all RES facilities which are already built have to
be repowered due to an expected life span of 20 years.

44In Germany, for example, the “EEG-Umlage” is calculated by allocating the cost of RES promotion to non-
privileged consumers, i.e., consumers who are not exempt from payment. Part of the RES promotion is the fixed
feed-in remuneration, which is uniform throughout Germany for all generators built in the same period. This uniform
remuneration means that plants at locations with particularly high energy output can generate additional profits.
Therefore, the “EEG-Umlage” cannot be directly compared with the RES fee in our analysis.

45For all considered scenarios, the final iteration of the network level does not consider redispatch penalty cost,
i.e., crd = 0.

46In the (FB) scenarios, welfare W directly corresponds to the objective value ψIP.
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Table 2. Annual cost of the electricity system under the current regulatory
framework (scenario MESQ). ?In contrast to the case of conventional generators,
operational cost of RES are negligible compared to their investment cost; see, e.g.,
Agora Energiewende (2015) or Prognos and Fichtner (2013).

Cost (Mio. e)
Network expansion (annuity) 1,400.7
Investment cost RES (annuity)? 16,806.4
Investment and operational cost new conventional (annuity) 660.7
Annual operational cost existing conventional 1,613.3
Annual variable cost new and existing conventional 6,448.8
Annual system cost 26,929.9

The main results of all considered scenarios are given in Table 3. Table a) shows the welfare
difference as compared to the current regulatory framework in the reference scenario MESQ in
Mio. e per year (4W ). Furthermore, it contains the corrected average price pcorr including its
components, i.e., weighted average spot market price pavg, network fee, and RES fee (all in e/MWh)
according to the calculations in (22).47 The number of realized candidate lines as well as investment
and decommissioning of generation capacity, shown separately for coal (lignite and hard coal), gas
(gas turbine and CCGT), and CHP generators, respectively, (all in MW) are given in Table b).

The following Section 5.1 compares the reference scenario MESQ (a zonal pricing system with
one German price zone under the current regulatory framework) to the system optimum in the
first-best benchmark scenario FBRC (and FBSQ) to give an idea of the total efficiency potential. In
Section 5.2, we analyze the proposed adjustments of the current regulatory framework and discuss
their impact on the electricity system.

5.1. Reference scenario vs. first-best benchmark: Efficiency potential. Comparing the
welfare of the reference scenario MESQ and the first-best benchmark with RES curtailment FBRC
in Table 3 a) shows that overall welfare gains of approx. € 1,540 Mio. per year can be achieved.
Compared to the total system costs of € 26,930 Mio. per year (given in Table 2) this corresponds
to 5.7%. This illustrates the efficiency potential in the German electricity market given the current
market design.

A regional resolution of transmission expansion as well as regional generation expansion and
decommissioning are illustrated in Figure 5, where the color of each federal state indicates the
amount of its weighted average spot market price pavg

n .
Table 3 b) provides details on equilibrium transmission expansion. First, it shows that in

the reference scenario MESQ it is optimal for the regulator to build 14 of the 15 possible line
candidates. This coincides with the outcome of the related German network expansion planning in
Übertragungsnetzbetreiber (2014a) for scenario B 2034, which we consider as our MESQ benchmark.
In contrast, only five lines are built in the overall first-best benchmark FBRC (and eight in FBSQ).
There are no substantial differences in total generation expansion and decommissioning quantities.
This is mainly due to the overall limit on investment in CHP generators due to technical reasons
(see the data supplement, where this is explained in detail), which results in an expansion of this
technology up to this limit of 7000 MW in all scenarios; see footnote 18. It is not profitable to
invest in other technologies than CHP given the generation system which is expected to still be in
operation in 2035. However, considering the regional distribution of new CHP generators over the
federal states in Figure 5 a) shows that in scenario MESQ the 7000 MW are distributed over all
German nodes (each with 37.8% of the respective capacity limit ȳmax

g ) as there are no regionally
differentiated price signals to invest at a certain node.48 In contrast, in the first-best benchmark
scenarios FBSQ and FBRC, these generators are concentrated in the southern federal states. Here,
higher nodal prices in Southern Germany give the appropriate price signals to focus investment

47pavg is determined by the weighted average spot market price over all nodes n ∈ N in.
48This only holds if investment and marginal costs of new generators do not differ between all German nodes.
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Table 3. Results of market equilibrium and first-best benchmark scenarios

a) Welfare, profits, and prices

4W pavg Network fee RES fee pcorr

(Mio. e) (e/MWh) (e/MWh) (e/MWh) (e/MWh)
MESQ 0.0 30.20 6.39 24.97 61.56
MERC∗ 805.7 41.89 6.66 14.13 62.68
MERD 118.7 30.20 6.16 24.97 61.33
MERD&RC 1306.6 41.89 5.67 14.15 61.71
ME0.3

2Z 243.8 28.75 3.39 28.35 60.49
ME0.6

2Z 0.0 30.20 6.39 24.97 61.56
FBSQ 583.5 31.08 2.48 26.82 60.38
FBRC 1538.0 42.73 2.56 15.44 60.73

b) Transmission investment, generation capacity expansion (+) or decommissioning (-), and CO2
emissions

# Lines 4 Coal 4 Gas 4 CHP CO2 emissions
- (MW) (MW) (MW) (Mio. t)

MESQ 14 -1062.1 -1563.4 7000.0 102.9
MERC∗ 14 -1062.1 -1563.4 7000.0 102.9
MERD 13 -1062.1 -1563.4 7000.0 102.9
MERD&RC 8 -1062.1 -1563.4 7000.0 102.6
ME0.3

2Z 10 -1239.6 -1385.3 7000.0 102.9
ME0.6

2Z 14 -1062.1 -1563.4 7000.0 102.9
FBSQ 8 -1108.7 -1585.2 7000.0 102.2
FBRC 5 -1150.2 -1585.2 7000.0 101.2

at the import-constrained nodes. Due to the regional limits on maximal possible CHP expansion,
new capacities in scenario FBSQ are installed in the six federal states with the highest nodal prices,
i.e., Baden-Württemberg, Bavaria, Hesse, North Rhine-Westphalia, Rhineland-Palatinate, and
Saarland.49

Given the better location of newly built CHP generators with respect to load centers and
regionally differentiated hourly price signals which govern optimal operation of generators, in (FB)
scenarios there is lower demand in Southern Germany for electricity from the northern nodes. Hence,
less electricity transmission between Northern and Southern Germany leads to a reduced need for
transmission expansion and to lower line investment cost. This investment cost reduction plus
additional revenues arising from the pricing of network congestion between intra-zonal nodes in the
(FB) scenarios lead to significantly lower network fees than in the reference scenario (2.56 e/MWh
in FBRC and 2.48 e/MWh in FBSQ vs. 6.39 e/MWh in MESQ).

RES fees are slightly higher in the (FB) scenarios than in the comparable (ME) scenarios
(26.82 e/MWh in FBSQ vs. 24.97 e/MWh in MESQ and 15.44 e/MWh in FBRC vs. 14.13 e/MWh
in MERC∗). This is due to the fact that the majority of renewable electricity is produced by wind

49In scenario FBRC, 500 MW of CHP capacity are built in Thuringia instead of North Rhine-Westphalia in
FBSQ.
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(a) MESQ (b) FBSQ

Average spot market price pavg
n

(in e/MWh)
Conventional generation capacity

change (in MWh)
coal-fired generator
gas-fired generator
CHP generator

Figure 5. Reference scenario MESQ and system optimum FBSQ: expansion &
decommissioning of conventional generators (bars), network expansion (black lines),
and weighted average spot market prices (color of federal states)

generators which are mostly located in Northern Germany. As nodal prices in Northern Germany
in the (FB) scenarios are on average lower than the German uniform prices in the comparable (ME)
scenarios, total revenues from selling renewable electricity at the spot market are lower in the (FB)
scenarios and thus higher RES fees have to be paid to cover investment cost for RES generators. As
nodal prices in the (FB) scenarios already contain the pricing of network congestion, the weighted
average spot market price pavg is slightly higher in these scenarios than in the comparable (ME)
scenarios (31.08 e/MWh in FBSQ vs. 30.20 e/MWh in MESQ and 42.73 e/MWh in FBRC vs.
41.89 e/MWh in MERC∗). In total, the corrected average price pcorr, which is the sum of weighted
average spot market price, network fee, and RES fee, is lower in the (FB) scenarios than in the
comparable (ME) scenarios (60.38 e/MWh in FBSQ vs. 61.56 e/MWh in MESQ and 60.73 e/MWh
in FBRC vs. 62.68 e/MWh in MERC∗). A more detailed analysis of the regional corrected average
prices pcorr

n can be found in Section 5.2.
Summing up our findings on the comparison between the reference scenario (one price zone under

the current regulatory framework) and the system optimum in the first-best benchmark scenario,
we obtain the following result:
Result 1.
(i) Welfare effect: Model calculations show an efficiency potential of 5.7% of the annual system

cost for the German electricity market.
(ii) Generation investment: There is no substantial difference in total generation capacity expansion

or decommissioning between the reference scenario and the first-best benchmark. However,
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(FB) scenarios induce incentives that lead to more investment in generating capacity in the
south of Germany. This in turn implies lower demand for electricity transmission between
Northern and Southern Germany.

(iii) Line expansion: Due to lower electricity transfers between Northern and Southern Germany
in the (FB) scenarios, less network expansion is necessary and network investment cost is
reduced. The reduced investment cost plus additional revenues arising from the pricing of
network congestion between intra-zonal nodes lead to a significant reduction of the network fee.

Overall, the analysis demonstrates that it makes a clear difference whether to model an (FB)
scenario as the market equilibrium and that our approach is capable of identifying major influencing
factors.

5.2. Price zones and moderate adjustments of the regulatory framework. In this section,
the proposed adjustments of the regulatory framework are evaluated and compared to the outcomes
of the reference scenario MESQ. As illustrated in the previous section, there is a substantial efficiency
potential in the German electricity market. Among the market splitting scenarios, ME0.3

2Z leads to
the highest welfare gain of over € 240 Mio. per year and a reduction of network expansion by four
HVDC lines. In contrast to this, scenario MERD&RC, where RES production can be curtailed at the
spot market or as a congestion management measure and where redispatch and RES curtailment
can be anticipated for network expansion planning, yields annual welfare gains of approximately
€ 1310 Mio. and a reduction of network expansion by six lines with respect to the reference scenario.
Despite the rather small necessary adjustments of the regulatory framework in this scenario, it
increases welfare by 85.0% of the total welfare potential. Transmission expansion as well as regional
generation expansion and decommissioning of these two scenarios are illustrated in Figure 6.

Market splitting with two German price zones. The results for ME0.3
2Z show that market splitting

(with a restrictive calculation of the ATCs) leads to a welfare increase of € 243.8 Mio. per year. This
corresponds to 41.8% of the maximal possible welfare gain of the comparable first-best benchmark
FBSQ (€ 583.5 Mio. per year). The biggest impact on welfare gain is due to the reduced need for
network expansion (10 instead of 14 lines in MESQ). In addition, the restrictive ATCs result in
a zonal price difference in Northern and Southern Germany of on average 13.37 e/MWh, which
corresponds to 46.5% of the average spot market price pavg. This leads to a concentration of new
CHP generators in the southern zone (up to the capacity limit of the respective node)50 and also in
less decommissioning of gas-fired generation capacity in Southern Germany (ca. 200 MW). The low
zonal prices in Northern Germany, however, result in more decommissioning of old and inefficient
coal-fired generators. The results are illustrated in Figure 6 a).

Table 4 shows the change in producer and consumer surplus compared to the reference scenario
MESQ. For an easier comparison, all network nodes corresponding to the northern zone of the
(2Z) scenarios are aggregated (“North”), and also all nodes corresponding to the southern zone of
the (2Z) scenarios are aggregated (“South”). All nodes of neighboring countries are referred to as
“NCs”. The results provided in Table 4 show that the producer surplus in “North” is lower under
nodal (FBSQ) or zonal (ME0.3

2Z ) prices, as compared to the reference scenario MESQ. In contrast,
nodal or zonal prices in “South” lead to a higher producer surplus. For the consumer surplus, the
opposite is true: the consumer surplus in “North” is higher in FBSQ or ME0.3

2Z than in MESQ due
to the lower spot market prices. In “South”, higher spot market prices lead to a lower consumer
surplus. Both, in FBSQ and ME0.3

2Z , the transfer of consumer surplus from “South” to “North” is
substantially higher than the overall welfare effect. This finding is in line with Green (2007), who
shows that changing the market design could lead to transfers of rents between agents that are
large relative to the welfare gains. Note, however, that an increasing number of price zones (16 in
case of FBSQ vs. two in case of ME0.3

2Z ) does not necessarily lead to a stronger reallocation of rents
between the zones.

50Note that due to equal investment and marginal cost of the candidate CHP generators, even minimal price
differences between zones are sufficient to affect the location of installation. Since the southern zone has a regional
limit of 6500 MW, the remaining 500 MW of new CHP generation capacity are proportionately distributed over all
nodes of the northern zone with respect to the respective capacity limit ȳmax

g .
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(a) ME0.3
2Z (b) MERD&RC

Average spot market price pavg
n

(in e/MWh)
Conventional generation capacity

change (in MWh)
coal-fired generator
gas-fired generator
CHP generator

Figure 6. Zonal pricing with two German price zones ME0.3
2Z and anticipation of

redispatch and optimal RES curtailment MERD&RC: expansion & decommissioning
of conventional generators (bars), network expansion (black lines), and weighted
average spot market prices (color of federal states)

Table 4. Changes in welfare (4W ), producer surplus (4PS), and consumer
surplus (4CS) with respect to the reference scenario MESQ in Mio. € per year.
Network nodes are aggregated within the northern zone of the (2Z) scenarios
(“North”) and within the southern zone of the (2Z) scenarios (“South”). Neighbor-
ing countries are referred to as “NCs”.

Scenario Zone 4PS 4CS 4W

ME0.3
2Z “North” -193.5 1530.7 1337.3

“South” 324.5 -1223.7 -899.2
“NCs” -7.1 -187.2 -194.3
Total 123.9 119.9 243.8

FBSQ “North” -84.0 832.3 748.3
“South” 179.6 -400.4 -220.8
“NCs” 93.4 -37.4 56.0
Total 188.9 394.6 583.5

Similar to the results of the (FB) scenarios in Section 5.1, the network fee of scenario ME0.3
2Z

is lower than in the reference scenario (3.39 e/MWh vs. 6.39 e/MWh). This is again due to
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reduced network investment cost and additional revenues for the TSO arising from the pricing of
intra-zonal network congestion between the two German price zones; see Table 7 in Appendix C.
Furthermore, the weighted average spot market price is also lower than in MESQ (28.75 e/MWh
vs. 30.20 e/MWh) while the RES fee is higher due to less spot market revenues of wind generators
in Northern Germany (28.35 e/MWh vs. 24.97 e/MWh). As a result, the corrected average price
in ME0.3

2Z is lower than in the reference scenario MESQ (60.49 e/MWh vs. 61.56 e/MWh).
Consideration of the regional corrected average prices in Table 5 reveals that the price difference

between “North” and “South” is largest in scenario ME0.3
2Z compared to the (FB) scenarios (and as

large as the difference between “min” and “max” in FBSQ). This is mainly due to the restrictive
determination of the ATCs which are set to 30% of the thermal capacity. These ATC values are
below the level which would be reasonable from a physical point of view, such that the TSO can
even realize revenues in context of redispatch by reducing production of a comparatively expensive
generator in the import-constrained zone and increasing the production of a cheaper generator in
the export-constrained zone which could not sell its electricity to the other zone at the spot market
due to the restrictive calculation of the ATCs. Table 5 shows that the maximum corrected average
price in the (FB) scenarios (where price signals are optimal) is only slightly higher than the uniform
corrected average price in the comparable (ME) scenario (4.7% between MESQ and FBSQ and 2.4%
between MERC∗ and FBRC). This is an interesting result as market splitting and nodal pricing
are often expected to yield significantly higher prices in import-constrained regions compared to
uniform prices in a zonal pricing system with only one price zone. This statement seems to be
reasonable if only spot market prices are considered. However, as discussed in Section 4.3, we
show the relevance of also considering other electricity price components which differ between the
scenarios, i.e., network fee and RES fee.

Table 5. Regional corrected average electricity prices. For the (FB) scenarios,
“min” (“max”) indicates the minimum (maximum) corrected price pcorr

n of all
German nodes while “North” (“South”) is determined by the sum of the weighted
average spot market price over all nodes in the northern (southern) zone with
respect to the zone configuration in the (2Z) scenarios, the network fee, and the
RES fee.

MESQ MERC∗ MERD MERD&RC ME0.3
2Z ME0.6

2Z FBSQ FBRC

pcorr “min” 51.07 55.45
pcorr “max” 64.43 64.19
pcorr “North” 54.98 61.56 58.01 58.66
pcorr “South” 68.35 61.56 63.71 63.64
pcorr 61.56 62.68 61.33 61.71 60.49 61.56 60.38 60.73

Using a less restrictive calculation for the ATCs in ME0.6
2Z provides too little impact on the

zonal price differences. There is no difference in the average spot market price between ME0.6
2Z and

the reference scenario MESQ, which leads to similar generation expansion and decommissioning
decisions in both scenarios. Thus, no welfare effect and no decrease of line expansion can be observed.
The model outcomes for both ATC configurations show the impact of ATCs on generation and
transmission expansion and the overall efficiency of the electricity system. As ATCs are determined
prior to spot market trading and are crucial for the market expectations of private firms and hence
for their generation investment decisions, there is also a high regulatory risk. Therefore, wrong
specification could significantly affect market outcomes which implies that a high regulatory effort
is required in case of market splitting.

Optimal RES curtailment. Allowing for RES curtailment at the spot market in periods when prices
are negative and for congestion management (scenario MERC∗) yields welfare gains of € 805.7 Mio.
per year; see Table 3 a). Among the two (FB) scenarios, welfare increases by € 954.5 Mio. per year
when allowing for RES curtailment. This already indicates the high efficiency potential of RES
curtailment for the German electricity market.



26 V. GRIMM, B. RÜCKEL, C. SÖLCH G. ZÖTTL

As there are no negative prices in the RES curtailment scenarios, weighted average spot market
prices are significantly higher than in scenarios without RES curtailment (e.g., 41.89 e/MWh in
MERC∗ vs. 30.20 e/MWh in MESQ and 42.73 e/MWh in FBRC vs. 31.08 e/MWh in FBSQ). Due
to higher revenues from spot market trading for RES generators, lower RES fees are required in the
(RC) scenarios to cover the cost for RES capacity investment (e.g., 14.13 e/MWh in MERC∗ vs.
24.97 e/MWh in MESQ and 15.44 e/MWh in FBRC vs. 26.82 e/MWh in FBSQ). Network fees
are slightly higher in scenarios with RES curtailment than in scenarios without this option (e.g.,
6.66 e/MWh in MERC∗ vs. 6.39 e/MWh in MESQ and 2.56 e/MWh in FBRC vs. 2.48 e/MWh
in FBSQ). Reasons are the higher spot market prices which reduce electricity demand in Germany.
Although total network expansion and maintenance cost are identical in scenarios MESQ and
MERC∗ , they are allocated to less consumption in case of RES curtailment, which results in a
higher network fee. Furthermore, reduced price differences between Germany and its neighboring
countries at the spot market reduce revenues of the TSO from the pricing of network congestion. As
a result, the corrected average electricity price in (RC) scenarios is higher than in the corresponding
scenarios without RES curtailment (e.g., 62.68 e/MWh in MERC∗ vs. 61.56 e/MWh in MESQ
and 60.73 e/MWh in FBRC vs. 60.38 e/MWh in FBSQ).

Table 3 b) shows that optimal RES curtailment does not have an impact on conventional
generation expansion and decommissioning decisions of private firms. The reason is that as we do
not consider start-up cost or minimum run-times, conventional generators do not produce at spot
market prices lower or equal than zero. Therefore, changing prices from negative values to zero by
RES curtailment does not influence marginal revenues of conventional generators.

These results show that optimal RES curtailment has a significant effect on overall welfare of
the electricity system. Still, necessary adjustments of the regulatory framework are comparatively
moderate with respect to other proposed market designs (e.g., market splitting). Table 6 also
indicates that only a relatively low share of RES would have to be curtailed in the (RC) scenarios
to exploit a large share of the efficiency potential (between 5.1% in MERC∗ and 6.2% in FBRC).
Furthermore, the results show that in the (ME) scenarios the majority of RES curtailment is
due to preventing negative prices at the spot market and that only a small additional amount of
RES is curtailed for congestion management (less than 0.1 TWh in MERC∗ and ca. 0.7 TWh in
MERD&RC)51.

Table 6. Annual production (prod.) and curtailment (curt.) of RES at the spot
market and finally realized after congestion management

quantities possible prod. curt. share prod. curt. share
in (TWh) prod. spot spot curt. final final curt.
MERC∗ 327.6 310.9 16.7 5.1% 310.8 16.7 5.1%
MERD&RC 327.6 310.9 16.7 5.1% 310.2 17.3 5.3%
FBRC 327.6 307.2 20.3 6.2% 307.2 20.3 6.2%

Note that there is an ongoing discussion in the political and scientific community on how to
make use of excess RES production instead of curtailing it, e.g., through electricity storage facilities,
power-to-x technologies, heat pumps, demand side management etc. Figure 7 indicates that this
might not always be feasible. As can be seen for the hourly curtailment in scenario MERC∗ , there
are only a few hours of RES curtailment per year but at comparatively high shares of the possible
RES production. Furthermore note that the graph aggregates all locations for a specific hour, so
that a higher regional resolution would yield even more extreme outcomes. Large quantities of
electricity that are only available in few hours per year can hardly be used economically on site.

Alternative network expansion planning procedure anticipating redispatch. The results of scenario
MERD show that the proposed adjustment of the current network expansion planning procedure

51In the latter scenario, due to the anticipation of RES curtailment for network expansion planning less transmission
lines have to be built. This leads to a higher share of RES curtailment than in scenario MERC∗ .
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Figure 7. Hourly RES curtailment in scenario MERC∗

also leads to a positive welfare effect of € 118.7 Mio. per year. However, the effects are rather
moderate (20.3% of the maximal possible welfare gain of the comparable first-best benchmark
FBSQ) and network expansion can only be reduced by one line when considering redispatch as an
alternative to network expansion. Generation expansion and decommissioning decisions of private
firms are identical to MESQ as the market level is identical for both scenarios. This also leads to an
identical weighted average spot market price and hence to an identical RES fee in both scenarios.
The network fee of scenario MERD is slightly lower than in the reference scenario (6.16 e/MWh in
MERD vs. 6.39 e/MWh in MESQ), which is due to reduced network expansion.

Combination of alternative network expansion planning procedure and optimal RES curtailment. In
scenario MERD&RC, we allow for redispatch as an alternative to network expansion and for optimal
RES curtailment at the spot market and as congestion management measure plus considering its
use for network expansion planning. Scenario MERD&RC leads to a welfare gain of € 1,306.6 Mio.
per year, which corresponds to 85.0% of the maximal possible efficiency potential of the system
optimum in scenario FBRC (€ 1,538.0 Mio. per year). Note that the combination of the alternative
network expansion planning procedure and optimal RES curtailment has a superadditive impact on
welfare as compared to MERD and MERC∗ . This effect is mainly driven by a reduction of network
expansion by six lines compared to the reference scenario MESQ. Similar to MERD, generation
expansion and decommissioning decisions are identical to the outcomes of the reference scenario
due to unchanged price signals at the spot market. The results are illustrated in Figure 6 b).

The weighted average spot market price is identical to MERC∗ as RES curtailment prevents
negative spot market prices in both scenarios. This also leads to a similar RES fee in both
scenarios.52 The reduced network expansion yields a significantly lower network fee (5.67 e/MWh
in MERD&RC vs. 6.39 e/MWh in MESQ). In total, the corrected average electricity price sums up
to 61.71 e/MWh, which is slightly higher than in the reference scenario.

Table 3 b) shows that the annual CO2 emissions in all (ME) scenarios except MERD&RC amount
to 102.9 Mio. t per year. In scenario MERD&RC, the emissions are 0.3 Mio. t lower, although,
due to RES curtailment, there is less renewable feed-in. The reason for this phenomenon is the
reduced network expansion due to the anticipation of redispatch and RES curtailment. This
implies more frequent network congestion. Consequently, upon redispatch more coal-fired electricity
production in Northern Germany has to be replaced by gas-fired production in Southern Germany.
Analogously, in the (FB) scenarios, the reduced network expansion and the consideration of all

52The network fee is 0.02 e/MWh higher in MERD&RC than in MERC∗ as the same RES subsidy is allocated to
less RES production due to a higher share of RES curtailment.
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network restrictions at the spot market implies lower production of coal-fired generators in Northern
Germany and a higher production of gas-fired generators in Southern Germany. Furthermore, due
to the low nodal prices in Northern Germany, more coal-fired generators are decommissioned than
under a system of zonal pricing. Therefore, 0.7 Mio. t less CO2 emissions are produced in scenario
FBSQ, while the lowest CO2 emissions arise in scenario FBRC (101.2 Mio. t).

Among the (ME) scenarios, scenario MERD&RC provides the most efficient adjustment of the
regulatory framework in our analysis while CO2 emissions are the lowest of all (ME) scenarios.
However, it is important to note that an efficient redispatch will only be possible if there is enough
redispatch capacity available in import-constrained regions. As the alternative network expansion
planning procedure has no influence on the profits of private firms compared to the (SQ) scenarios,
it is important to check whether there are sufficient investment incentives for generators in the
south of Germany in the long run.

Summing up our findings on the proposed adjustments of the regulatory framework, we obtain
the following result:

Result 2.
(i) Market splitting can provide locational price signals that induce more efficient allocation and

operation decisions of conventional generators. This leads to a reduced need for network
expansion. The welfare effect is moderate, i.e., less than 16% of the maximum possible welfare
gain is realized. Our analysis moreover suggests that the outcome is very sensitive to the
choice of the ATCs.

(ii) Optimal RES curtailment leads to high welfare gains as it prevents negative spot market prices
which have a negative impact on welfare. The resulting higher weighted average spot market
price is compensated by a lower necessary RES fee. The welfare effect is intermediate, i.e.,
52% of the maximum possible welfare gain is realized.

(iii) Allowing for optimal RES curtailment and trading off the cost of redispatch and RES cur-
tailment against network expansion cost upon network expansion planning yields the highest
welfare gains of all proposed adjustments. Network expansion can be reduced substantially as
compared to the reference scenario MESQ. As a consequence, coal-fired generators have to be
shut down and substituted by gas-fired generators upon redispatch, which implies the lowest
emissions of all (ME) scenarios. The welfare effect is substantial, i.e., 85% of the maximum
possible welfare gain is realized. As a possible drawback in the long run, this scenario does not
provide any locational price signals.

6. Conclusion

This paper builds on literature that analyzes long-term effects of electricity market design on
investments in network and generation capacity expansion. Earlier contributions in this line analyze
the nodal price system, see, e.g., van der Weijde and Hobbs (2012) or Jenabi et al. (2013). The
corresponding models can typically be represented as single-level optimization problems. In contrast,
the particular focus on zonal pricing requires multi-level modeling to consider the different objectives
and the different constraints of all involved decision makers; see, e.g., the tri-level equilibrium model
introduced in Grimm et al. (2016b) and Grimm et al. (2017). In this paper we extend the approach
by Grimm et al. (2016b) in order to apply the model to a real world context.

To illustrate how the approach can be used to derive politically relevant insights, the Generation
And Transmission Expansion (GATE) model is calibrated with data from the German electricity
market. We demonstrate how the model is able to analyze and compare the potential impact
of different policy proposals on electricity market outcomes and to quantify their impact on key
performance indicators. As a first step, we identify the potential for welfare improvement by
comparing the results of the reference scenario (one price zone for Germany and current network
expansion planning procedure) with those of the system optimum (first-best benchmark). We then
analyze various moderate adjustments of the market design and assess the potential to raise market
performance relative to the system optimum.

In a case-study for Germany, we find that the market outcome under the current design is far
from the outcome in the overall system optimum. The results indicate an efficiency potential of
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5.7% of annual total system costs. While the first-best benchmark exhibits regionally differentiated
investment incentives which govern expansion, decommissioning, and operation decisions of private
generators, this is not the case in the reference scenario. This leads to investment in additional
generation capacity even in regions with excess electricity production and to a substantial need for
network expansion in the reference scenario.

Furthermore, our results show that several adjustments of the market design are suited to
improve market efficiency. Splitting the German market into two zones yields moderate welfare
gains. Consideration of redispatch and renewable curtailment as an alternative to network expansion
results in an associated welfare gain that amounts to 4.9% of annual total system costs, which
corresponds to 85.0% of the overall possible efficiency gains. In the latter case, network expansion
is reduced by six lines as compared to the 14 required lines in the reference scenario.

Hence, the results indicate that it is possible to reduce the required network expansion substan-
tially while still maintaining the necessary RES expansion path in order to fulfill climate targets
over the next decades. For the case of Germany, it contradicts statements that due to the slowed
down network expansion process the expansion of RES capacities should also be reduced in the
upcoming years.53

Finally, the results underline the importance of choosing the right modeling approach with
respect to the research question. Using an integrated planner model – as we do for our first-best
benchmark scenarios – to approximate the market behavior of different market participants in a
zonal pricing system, might lead to substantially different outcomes in long-run considerations due
to changed price signals for generators and consumers. If the goal is to analyze generation and
transmission expansion in liberalized electricity markets under a zonal pricing system, it is thus
indispensable to use a multi-level approach like the GATE model.

For future research, the model could be extended by additional aspects such as, e.g., the integration
of storage devices and demand side management technologies to analyze further proposals for
market design adjustments in the current electricity market discussion.
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Appendix A. Proof for reformulation of the tri-level model

In this section, we proof that it is still possible to reformulate the tri-level model introduced in
Grimm et al. (2016b) as a bi-level model after it has been adjusted to real-world electricity markets
as described in Section 3. Therefore, we show that the proof proposed in Grimm et al. (2016b) is
still valid.

First, we consider the tri-level problem introduced in Grimm et al. (2016b) after it has been
adjusted to real-world electricity markets as described in Section 3. At the first level, a regulated
TSO decides on network investment in order to maximize welfare, which is given as the difference
of gross consumer surplus and investment, operational, and production costs. To account for
the conventional network expansion planning procedure, the TSO also considers penalty cost for
redispatch and load shedding in her objective function as the regulator typically prefers network
expansion as a means to alleviate congestion over other congestion management measures. Therefore,
the objective function of the first level is identical to the objective function of the network level of
the bi-level GATE model in Section 3.3.2, i.e., ψ̂1 = ψ1; see equation (12).

At the second level, private firms decide on expansion and decommissioning of conventional
generation capacities and afterwards trade electricity at the spot market in all considered periods
in order to maximize profits. Under the assumption of perfect competition profit maximization by
all firms implements the welfare optimum under our assumptions. Thus, the objective function
of the second level is identical to the objective function of the market level of the bi-level GATE
model in Section 3.3.1, i.e., ψ̂2 = ψ2; see equation (1).

At the third level, the TSO simultaneously decides on redispatch and load shedding for all
periods of spot market trading. Since not all potential network infeasibilities can be resolved via
redispatch, the remaining bottlenecks have to be removed through load shedding. Penalty cost
for short-run congestion management measures ensure that redispatch is preferred compared to
load shedding and that short-run measures are only used as a last resort to resolve congestion.
Therefore, the TSO’s congestion management cost at the third level are given by

ψ̂3 =
∑

n∈N in∪Nout

∑
t∈T

(∫ dspot
t,n

dfinal
t,n

pt,n(ξ) dξ
)

+
∑
n∈N in

∑
g∈Gall

n

∑
t∈T

cvar
g (yfinal

t,g − y
spot
t,g )

+
∑
n∈N in

 ∑
g∈Gall

n

∑
t∈T

crd(y+
t,g + y−t,g) +

∑
t∈T

(c+d+
t,n + c−d−t,n)

 . (23)

Considering the second-level problem, which has been extended by market trade with neighboring
countries, decommissioning of conventional generators, renewable generation (and curtailment in
some scenarios), and maximum investment in certain generation technologies, shows that it only
includes first- and second-level variables. The reason is that cost-based redispatch at the third level
does not influence firms’ spot market profits at the second level. While the second-level problem
is inter-connected to the first-level problem via inter-zonal line investment variables, there is no
direct interconnection with the third-level problem (redispatch). Thus, analogously to Grimm et al.
(2016b), it is possible to fix the inter-zonal line investment variables and solve the second-level
problem for every possible realization of these variables. Afterwards, the resulting solution of the
second-level problem can be fixed to solve the first- and third-level problems. Thereby, the tri-level
problem can be reformulated as a bi-level master problem and a single-level subproblem.54

Analogously to Grimm et al. (2016b), the bi-level master problem, consisting of the first- and
third-level problems, can be solved more efficiently by summarizing these two levels to a single-
level master problem. For this purpose, we show that the third-level objective ψ̂3 is an affine
transformation of the first-level objective ψ̂1:

54Note that uniqueness of the second-level solution is a necessary condition and is given in accordance to Grimm
et al. (2017).
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Proposition 1. Let ψ̂1 and ψ̂3 be the objective functions of the first and third level. Then,
ψ̂3 = −ψ̂1 + b holds with

b =
∑

n∈N in∪Nout

∑
t∈T

(∫ dspot
t,n

0
pt,n(ξ) dξ

)
−
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l∈Lnew
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l zl
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g yspot

t,g +
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n

cop
g (ȳex

g − ȳdec
g ) +

∑
g∈Gnew

n

cinv
g ȳnew

g

 ,

where b only depends on first- and second-level variables.

This finding shows that the objective functions of the first- and third-level problems are affine
equivalent and thus have identical optimization directions. According to Propositions 2 and 3 in
Grimm et al. (2016b), we can use this property of affine equivalent objective functions to summarize
the first and third level to a single-level master problem, where the objective function ψ1 corresponds
to ψ̂1 and the set of constraints is given by combining the constraints of the first- and third-level
problem. This single-level master problem corresponds to the network level of the bi-level GATE
model.

Thus, the bi-level reformulation of the adjusted tri-level problem is valid.
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Appendix B. Solution algorithm

Algorithm 1 : Solving (ME) scenarios with one and more price zones for conventional
(SQ) and alternative (RD) network expansion planning procedure.
Input :Parameters for the bi-level GATE electricity market model.
Output :Optimal solution xspot = (ȳnew

g , ȳdec
g , yspot

t,g , dspot
t,n ) and xfinal = (zl, yfinal

t,g , dfinal
t,n )

and optimal objective value ψ̂1 of the bi-level model.
1 Set xfinal = 0, xspot = 0, and ψ̂1 = 0.
2 if # zones in Germany = 1 then
3 Solve the market level. Let xspot be the solution.
4 if redispatch is not an alternative to network expansion (SQ) then
5 Solve the network level for fixed values xspot of the market level and with penalty

cost for redispatch crd > 0 and load shedding c+, c− > 0. Let x̃final be the solution.
6 Solve the network level for fixed values xspot of the market level and for fixed network

expansion zl of solution x̃final and with penalty cost for redispatch crd = 0 and load
shedding c+, c− > 0. Let xfinal be the solution.

7 else (redispatch is an alternative to network expansion (RD))
8 Solve the network level for fixed values xspot of the market level and with penalty

cost for redispatch crd = 0 and load shedding c+, c− > 0. Let xfinal be the solution.
9 else (# zones in Germany > 1)

10 for i ∈ {0, · · · , |Lnew ∩ Linter| do
11 Solve the market level with equation (21). Let xspot

i be the solution.
12 if redispatch is not an alternative to network expansion (SQ) then
13 Solve the network level with equation (21) for fixed values xspot

i of the market
level and with penalty cost for redispatch crd > 0 and load shedding c+, c− > 0.
Let x̃final

i be the solution.
14 Solve the network level with equation (21) for fixed values xspot

i of the market
level and for fixed network expansion zl of solution x̃final

i and with penalty cost
for redispatch crd = 0 and load shedding c+, c− > 0. Let xfinal

i be the solution.
15 else (redispatch is an alternative to network expansion (RD))
16 Solve the network level with equation (21) for fixed values xspot

i of the market
level and with penalty cost for redispatch crd = 0 and load shedding c+, c− > 0.
Let xfinal

i be the solution.
17 if ψ1(xfinal

i ,xspot
i ) > ψ̂1 then

18 Set xspot ← xspot
i , xfinal ← xfinal

i , and ψ̂1 ← ψ1(xfinal,xspot).
19 end
20 return xspot, xfinal, and ψ̂1.
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Appendix C. Additional results: Network fee components

Table 7 gives an overview over all components of the network fee listed in Table 3 a).

Table 7. Network fee components in e/MWh

MESQ MERC∗ MERD MERD&RC ME0.3
SQ&2Z ME0.6

SQ&2Z FBSQ FBRC

Network maintenance 3.87 3.97 3.87 3.97 3.87 3.87 3.88 3.98
Network expansion 2.71 2.78 2.48 1.71 1.91 2.71 1.63 1.04
Redispatch 0.02 0.01 0.02 0.09 -0.02 0.02 0.00 0.00
Load shedding (+) 0.05 0.00 0.05 0.00 0.00 0.05 0.00 0.00
Load shedding (–) 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Network revenues (GER) 0.00 0.00 0.00 0.00 -2.01 0.00 -3.02 -2.47
Network revenues (INT) -0.26 -0.10 -0.26 -0.10 -0.35 -0.26 0.00 0.00
Network fee 6.39 6.66 6.16 5.67 3.39 6.39 2.48 2.56

Appendix D. Notations and Symbols

Table 8. Sets

Symbol Description Unit
N Set of nodes of the transmission network (N = N in ∪Nout) —
N in Set of nodes of the transmission network in DE —
Nout Set of nodes of the transmission network out of DE —
T Set of time periods —
Z Set of zones for market splitting —
Gall
n Set of all generation technologies at node n ∈ N —

Gex
n Set of existing generation technologies at node n ∈ N —

Gnew
n Set of candidate generation technologies at node n ∈ N —

Gtec
n Set of candidate generation technologies at node n ∈ N where

generation capacity expansion of all generators in this set is limited —
Rn Set of all renewable energy generation technologies at node n ∈ N —
Rmr
n Set of must-run renewable energy generation technologies at node n ∈ N —

Rcur
n Set of reducible renewable energy generation technologies at node n ∈ N —

Lex Set of all existing transmission lines (set of arcs of graph G) —
Lnew Set of all candidate transmission lines —
Linter Set of all inter-zone transmission lines —
LHVDC Set of all high voltage direct current (HVDC) transmission lines —
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Table 9. Parameters

Symbol Description Unit
bn Slope of dt,n at node n ∈ N e/MWh2

at,n Intercept of dt,n at node n ∈ N in time period t e/MWh
cinv
g Investment cost of candidate generation technology g ∈ Gnew

n e/MW
cop
g Operational cost of existing generation technology g ∈ Gex

n e/MW
cvar
g Variable cost of generation technology g ∈ Gex

n e/MWh
crd Political cost of redispatch of generator g ∈ Gall

n e/MWh
c+ Political and operational cost of positive load shedding at node n ∈ N in e/MWh
c− Political and operational cost of negative load shedding at node n ∈ N in e/MWh
cinv
l Investment cost of candidate transmission line l ∈ Lnew e

Bl DC power flow scaled susceptance of line l ∈ Lex ∪ Lnew MW h
f̄l Maximum power flow on line l ∈ Lex ∪ Lnew MW h
fatc−

l Available transfer capability (ATC) for import flow on line l ∈ Linter MW h
fatc+

l Available transfer capability (ATC) for export flow on line l ∈ Linter MW h
τ Length between two consecutive periods t, t+ 1 ∈ T h
αg Equivalent availability parameter of g ∈ Gall

n 1
ȳmax
g Upper bound for new power generation capacity ȳnew

g MW
ȳex
g Maximum power generation capacity of generator g ∈ Gex

n MW
ȳres
e RES generation capacity installed of generator e ∈ Rn MW
yres
t,e RES power generation of generator e ∈ Rn per MW capacity MWh/MW
K Upper bound for total power generation capacity of all generators g ∈ Gtec

n MW
Ml Parameter for linearization of Kirchhoff’s second law for line l ∈ Lnew 1
i Number of inter-zonal candidate lines l ∈ Linter ∩ Lnew being built 1

Table 10. Variables

Symbol Description Unit
dt,n Demand of node n ∈ N in time period t MW h
d+
t,n Positive load shedding at node n ∈ N in in time period t MW h
d−t,n Negative load shedding at node n ∈ N in in time period t MW h
pt,n Energy price at node n ∈ N in time period t ∈ T e/MWh
ft,l Power flow on line l ∈ Lex ∪ Lnew in time period t MW h
yt,g Power generation of generator g ∈ Gall

n MW h
y+
t,g Positive redispatch of generator g ∈ Gall

n MW h
y−t,g Negative redispatch of generator g ∈ Gall

n MW h
ỹres
t,n Total renewable power generation at node n ∈ N in MW h
ȳnew
g New power generation capacity installed of generator g ∈ Gnew

n MW
ȳdec
g Reduction of power generation capacity of generator g ∈ Gex

n MW
θt,n Voltage angle at node n ∈ N in time period t rad
zl Decision variable for candidate line l ∈ Lnew —
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— NDP 2025 (VERSION 2015)

MIRJAM AMBROSIUS1, VERONIKA GRIMM1, BASTIAN RÜCKEL2, CHRISTIAN SÖLCH2,
GREGOR ZÖTTL2

In this appendix, we provide detailed information on the data that is used in order to calibrate
the GATE model in our paper. Since we are looking at the hypothetical German electricity market
in 2035 and the resulting investment incentives, we have to select all exogenous parameters based
on future forecasts for this period. We consider the German market area since excellent data are
available from the political processes that accompany the network expansion planning procedure.
In order to ensure a high degree of consistency of the exogenous parameters—and in order to allow
comparisons with other forecasts for that market area—we predominantly use input parameters from
the Network Development Plan Electricity (NDP) which is the official basis for network expansion
planning in Germany. Hereby, we mainly rely on the NDP 2025, where network expansion required
until 2025 is determined, in its 2015 version. To be more specific, we use the Transmission System
Operators’ draft of the scenario framework for the NDP 2025 (version 2015; cf. German TSOs
(2014c)), the regulator’s approval of the scenario framework for the NDP 2025 (version 2015; cf.
BNetzA (2014)), and the Transmission System Operators’ second draft of the NDP 2025 (version
2015; cf. German TSOs (2016)).

This scenario framework presents six scenarios. Three different RES development paths are
considered (A 2025, B1/B2 2025, and C 2025) and the generation mix is forecasted for 2025.
Scenarios B1/B2 2035 continue the development path of scenarios B1/B2 2025 until 2035. These
are the scenarios we use for the calibration of our model’s exogenous parameters.

We have chosen a scenario in the distant future for the following reasons: An investor considering
an investment in generation capacity today must expect five to seven years, including the approval
process and construction time, before the planned generator is operational. Thus, the period around
2025 would be around the beginning of the generator’s lifetime. The average market conditions
to be expected by the generator are better reflected by the conditions at a later date (here 2035).
These are relevant for the investment decision. Another argument in favor of the use of scenarios
B1/B2 2035 is that a larger reduction in conventional generation capacity has taken place by
then. As a result, more extensive generation capacity expansion is required, which allows for richer
insights on the incentive mechanisms of various regulatory frameworks and the magnitude of the
effects.

In the following we provide details on the data that we use to calibrate the network parameters,
existing generation capacities, as well as cost and demand parameters.

1. Network

1.1. Existing network. Since our multilevel model computes (long-term) network and generation
investment incentives as well as (short-term) production incentives in equilibrium, a significant
simplification of the underlying network model is necessary in order to keep the calculations
numerically tractable. Therefore, the German transmission network is aggregated so that each
federal state is assigned a network node that serves the corresponding area of supply; see the
illustration in Figure 1. An overview of all considered nodes is given in Table 1.

Since there is currently no single publicly available source for the calibration of the network with
all relevant data for the model, the network infrastructure was calibrated using various sources. The
existing lines between the federal states and their respective lengths are determined based on the
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Figure 1. Network topology illustrating the considered nodes and lines. Black:
existing AC lines in Germany. Blue: existing cross-border AC lines. Orange:
candidate HVDC lines.

map of the German extra-high voltage network by VDE (2014) as well as 50Hertz (2015), Amprion
(2015), TenneT (2015), and the detailed network plan in Joost (2015). The relevant physical values
such as reactance and thermal capacity of the different types of lines are listed in Kießling et al.
(2001) and Egerer et al. (2014). In case there is more than one line between two nodes, these are
aggregated to one line.

1.2. Network expansion. In addition to the already existing transmission lines, line expansion
takes place along four corridors for HVDC network expansion specified in the NDP 2014 (cf.
German TSOs (2014b)); see the new DC construction in Figure 2. Along each corridor, individual
HVDC connections can be implemented as sub-projects of the NDP 2014. In total, all 15 HVDC
transmission lines that have been proposed for the year 2034 in NDP 2014 (cf. German TSOs
(2014b)) are considered as line candidates for network expansion in the model. We still use the
candidate lines of NDP 2014, because the 20-year forecast for 2034 not only confirms the HVDC
lines proposed for 2024, but also proposes further candidates that will only be built in scenario
B 2034. In contrast, in the following network development plans only a subset of the 15 HVDC
connections will be considered as an option (cf. NDP 2025 in German TSOs (2016) with 6 proposed
lines (as given in Table 2), which are all built in scenarios B1/B2 2025). There, the long-term
forecasts for 2035 are only used for a sustainability assessment in order to ensure that measures
identified in scenarios B1/B2 2025, for example, are also required in scenarios B1/B2 2035.

The remaining alternating current (AC) line candidates for expansion of the transmission network
from German TSOs (2014b) are not taken into account. Since the investment costs of the neglected
lines are far below the costs of the much longer HVDC lines and since many of these shorter lines
run within a single federal state, the different incentive systems discussed here have a smaller effect
on differences in the expansion of the AC lines than in the expansion decision of the HVDC lines.

Costs used for network expansion are based on cost estimates in German TSOs (2012). For the
construction of HVDC lines, 1.40millione per km are estimated. DC converter stations, which are
required twice per line, cost 0.13millione per MW. For each line, the costs per km are multiplied
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Table 1. Overview of nodes (federal states of Germany and neighboring countries)
of the considered network according to the illustration in Figure 1.

Node Abbreviation
Federal states of Germany
Baden-Wuerttemberg BW
Bavaria BY
Berlin BE
Brandenburg BB
Bremen HB
Hamburg HH
Hesse HE
Lower Saxony NI
Mecklenburg-Western Pomerania MV
North Rhine-Westphalia NW
Rhineland-Palatinate RP
Saarland SL
Saxony SN
Saxony-Anhalt ST
Schleswig-Holstein SH
Thuringia TH
Neighboring countries
Austria AT
Czech Republic CZ
Denmark DK
France FR
Netherlands NL
Poland PL
Switzerland CH

by the respective line length, taking into account the DC converter stations at both ends. The
annuity is calculated assuming an interest rate of 6% and a depreciation period of 25 years.1 For
all HVDC lines with the same start and end nodes average costs are determined. Table 2 gives an
overview of the costs of the network expansion measures used in the model.

2. Demand

Various development paths of net electricity consumption are taken into account in German TSOs
(2016), p. 33. In scenarios B1/B2 2035 used for the calibration of the model, a constant development
of net electricity consumption is assumed. In our analysis, hourly demand data for Germany from
2014 are used, which are available at https://www.entsoe.eu/data/power-stats/hourly_load/.
The allocation of demand to the federal states is based on statistical data of the “Länderarbeitskreis
Energiebilanzen”; cf. German TSOs (2014c), p. 60, Table 32. Table 3 gives an overview of the
electricity consumption in Germany by federal state per year.

3. Electricity Production

3.1. Renewable production. RES capacities are exogenous in our model. Thus, the expansion
forecast of renewable generation capacity is included in the input data. For the calibration of
the model, we use the particular expansion forecast of scenarios B1/B2 2035, which provides

1A depreciation period of 40 years would be based on the average operating life from Appendix 1 of StromNEV;
see BGBl (2005). However, current acceptance problems for the construction of HVDC lines in the affected regions
have led to a further increase in network expansion costs. Therefore, we decided to reduce the depreciation period to
25 years to better reflect the expected increase in network expansion costs.

https://www.entsoe.eu/data/power-stats/hourly_load/
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Figure 2. Network expansion measures of the NDP 2014, scenario B 2034. Source:
German TSOs (2014b).

Table 2. Costs of network expansion measures (specification of the respective
line expansion projects) as annuities based on German TSOs (2014b), German
TSOs (2016), and German TSOs (2012).

Start/end Measures according Measures according Investment cost
node to NDP 2014 to NDP 2025 (2015) (millione per year)

NI – NW (A01, A11, A15) (DC1) 81.2
NW – BW (A02) (DC2) 77.9
NI – HE (B03, B04) 89.4
SH – BW (C05, C05a, C06WDL) (DC3) 127.6
SH – BY (C06mod, C08) (DC4) 119.0
ST – BY (D18, D19a) (DC5I,DC6I) 106.4
MV – ST (D19b, D20) 67.0

corresponding data for wind onshore, wind offshore, and photovoltaics per federal state; see German
TSOs (2016), p. 48, and Table 4.
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Table 3. Electricity consumption by federal state based on German TSOs (2014c).

Federal state Consumption (TWh) Share (%)
Baden-Wuerttemberg 73.2 13.4
Bavaria 80.3 14.7
Berlin 13.4 2.4
Brandenburg 15.0 2.7
Bremen 5.0 0.9
Hamburg 12.7 2.3
Hesse 38.1 7.0
Lower Saxony 53.4 9.8
Mecklenburg-Western Pomerania 6.4 1.2
North Rhine-Westphalia 151.6 27.7
Rhineland-Palatinate 28.4 5.2
Saarland 9.2 1.7
Saxony 20.2 3.7
Saxony-Anhalt 15.7 2.9
Schleswig-Holstein 12.2 2.2
Thuringia 12.6 2.3
Germany 547.4 100.0

Table 4. Installed capacity of wind onshore, wind offshore, and photovoltaics
by federal state. Existing capacity in 2014/2015 and forecast values of scenarios
B1/B2 2035 in GW based on German TSOs (2016), BNetzA (2015), and Stiftung
Offshore-Windenergie (2015).

Wind onshore Wind offshore Photovoltaics
Federal state 2014 B 2035 2015 B 2035 2014 B 2035
Baden-Wuerttemberg 0.6 5.9 0.0 0.0 5.0 8.5
Bavaria 1.4 5.0 0.0 0.0 11.1 15.0
Berlin 0.0 0.1 0.0 0.0 0.1 0.2
Brandenburg 5.4 9.1 0.0 0.0 2.9 3.8
Bremen 0.2 0.4 0.0 0.0 0.0 0.2
Hamburg 0.1 0.1 0.0 0.0 0.0 0.1
Hesse 1.1 4.1 0.0 0.0 1.8 3.2
Lower Saxony 7.9 14.8 2.1 13.6 3.5 6.2
Mecklenburg-Western Pomerania 2.6 9.0 0.3 1.9 1.3 1.9
North Rhine-Westphalia 3.7 11.6 0.0 0.0 4.2 8.0
Rhineland-Palatinate 2.7 6.4 0.0 0.0 1.9 3.1
Saarland 0.2 0.8 0.0 0.0 0.4 0.7
Saxony 1.1 2.1 0.0 0.0 1.6 2.6
Saxony-Anhalt 4.2 5.5 0.0 0.0 1.8 2.5
Schleswig-Holstein 4.9 10.7 1.4 3.0 1.5 2.5
Thuringia 1.2 3.2 0.0 0.0 1.1 1.6
Germany 37.3 88.8 3.8 18.5 38.2 59.9

The hourly fluctuating production of renewable energy generators per federal state is calculated
using historical feed-in time series and high-resolution weather data.2 In order to take account

2See BNetzA (2015) for the installed capacity, the websites of the TSOs (cf. www.50hertz.com/de/Kennzahlen, www.
amprion.net/netzkennzahlen, www.tennettso.de/site/Transparenz/veroeffentlichungen/netzkennzahlen, and
www.transnetbw.de/de/kennzahlen) for the feed-in time series at control area level, and NASA (2016) for rastered
wind and solar radiation data.

www.50hertz.com/de/Kennzahlen
www.amprion.net/netzkennzahlen
www.amprion.net/netzkennzahlen
www.tennettso.de/site/Transparenz/veroeffentlichungen/netzkennzahlen
www.transnetbw.de/de/kennzahlen


6 M. AMBROSIUS, V. GRIMM, B. RÜCKEL, C. SÖLCH, G. ZÖTTL

Table 5. Feed-in from running water per federal state in 2013 based on BDEW (2015).

Federal state Feed-in (GWh) Share (%)
Baden-Wuerttemberg 5679.0 25.8
Bavaria 13 130.0 59.7
Berlin 0.0 0.0
Brandenburg 20.0 0.1
Bremen 42.0 0.2
Hamburg 0.0 0.0
Hesse 383.0 1.7
Lower Saxony 267.0 1.2
Mecklenburg-Western Pomerania 8.0 0.0
North Rhine-Westphalia 453.0 2.1
Rhineland-Palatinate 1260.0 5.7
Saarland 120.0 0.5
Saxony 314.0 1.4
Saxony-Anhalt 147.0 0.7
Schleswig-Holstein 6.0 0.0
Thuringia 147.0 0.7
Germany 21 976.0 100.0

of the different regional conditions for renewable energy generators within the federal states, five
quality classes are determined for each federal state that allow limited capacities per class. The
following data are used as sources for the technical potentials of the individual federal states: wind
offshore from IWES (2012), wind onshore from BWE (2012), PV roof area from BMVI (2015),
and PV open space data are derived from Destatis (2015). Depending on the quality class, the
state-specific hourly feed-in vector is multiplied by a quality factor. We assume that all five quality
classes within a federal state have similar capacities. As a consequence, less productive classes of
a federal state with a high RES potential are only built after more productive classes of an on
average less productive federal state are filled. Forecasted capacities of scenarios B1/B2 2035 are
assigned to the classes according to the principles described above, i.e., the classes are filled to their
maximum capacity in descending order starting with the best class.

Running water is integrated as an exogenously given hourly feed-in vector. In a first step, the
monthly generation volumes for Germany from Destatis (2016) are interpolated hourly. In a second
step, hourly production is divided among the federal states according to the ratio of feed-in per
federal state, as shown in Table 5.

3.2. Conventional generators. Based on the conditions outlined in BNetzA (2014), this paper
examines the investment incentives for conventional generators. Generation capacity that is installed
in 2035 must therefore be included in the modeling. For this purpose, we use the data from BNetzA
(2014) and the corresponding generator list (cf. German TSOs (2014a)). There, all generators of the
technology classes waste, lignite, natural gas, nuclear energy, mineral oil products, pumped storage,
hard coal, etc. are listed with information on postal code, federal state, year of commissioning,
and capacity; see the overview in Table 6. Our model is limited to the technologies hard coal,
lignite, and natural gas, whereby natural gas plants are divided into combined cycle gas turbines
(CCGT) and open gas turbine (GT) generators. In addition, market-led combined heat and
power (CHP) generators coupled to CCGT generators are included in the modeling. Only existing
generators that are still in operation in scenarios B1/B2 2035 (i.e., with positive nominal power)
and whose status is currently not “in planning” but “under construction”, “in operation”, “reserve”,
or “provisionally shut down” (if the scenario framework provides a capacity for 2035) are taken
into account. Generation capacity investments in conventional technologies are always determined
endogenously in the model. As a candidate for the analysis of the investment decision, investment
in the CCGT technology can be made in any federal state without restrictions (coupled or not
coupled with CHP).
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Table 6. Net nominal power and projected net nominal power of all generation
technologies for 2013 and for scenarios B1/B2 2035 in GW. Source: BNetzA (2014),
p. 2, Table 1.

Generation technology Reference 2013 Scenarios B1/B2 2035
Nuclear energy 12.1 0.0
Lignite 21.2 9.1
Hard coal 25.9 11.0
Natural gas 26.7 40.7
Oil 4.1 0.8
Pump storage 6.4 12.7
Other conventional generators 4.7 3.1
Total conventional generators 101.1 77.5
Wind onshore 33.8 88.8
Wind offshore 0.5 18.5
Photovoltaics 36.3 59.9
Biomass 6.2 8.4
Hydropower 3.9 4.2
Other renewable generators 0.4 1.2
Total renewable generators 81.1 181.0

Hard coal generators can only be expanded in the federal states in which hard coal generators
are still producing in scenarios B1/B2 2035.3 In Germany, there are lignite deposits in North
Rhine-Westphalia, Saxony, Saxony-Anhalt, and Brandenburg. The remaining reserves in 2040 are
shown together with the maximum amount that can be mined each year in Table 7.

Table 7. Lignite reserves and maximum mineable quantities by federal state.
Source: Gerbaulet et al. (2012).

Federal state Remaining reserves Annual maximum mineable
2040 (million t) quantities (million t)

North Rhine-Westphalia 2332 110
Saxony and Saxony-Anhalt 73 21
Brandenburg 314 69
Total 2719 200

Due to the remaining reserves in North Rhine-Westphalia, the construction of additional lignite
generators without a capacity limit seems possible. In Saxony and Saxony-Anhalt, according to
Gerbaulet et al. (2012), only a small remaining amount of the lignite deposits that once existed
will be available in the mining areas that are already accessed in 2040. Therefore, a generator
construction which would also require a new construction of mining capacities does not seem to
make sense here. Also in Brandenburg, the capacities still available in 2040 are limited. The only
reasonable scenario here would be to upgrade or modernize existing generators to replace generators
expected to be shut down by 2035. For the model, upgrading or modernization are defined as new
construction with the capacity of the lignite generators decommissioned by 2035 (2790 MW; cf.
German TSOs (2014a)) as the capacity limit.

3.3. CHP generators. When modeling CHP generators, a simplifying distinction is made between
heat- and market-led CHP generators. Heat-led generators are integrated exogenously into the

3I.e., Schleswig-Holstein, Mecklenburg-Western Pomerania, Hamburg, Lower Saxony, North Rhine-Westphalia,
Hesse, Baden-Wuerttemberg, and Bavaria
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Table 8. Existing capacity of natural gas CHP generators in scenarios B1/B2 2035
without generators with status “in planning” and maximum capacity expansions
by federal state in MW based on the generator list of the scenario framework for
the NDP 2025 (version 2015). See German TSOs (2014a) for existing capacities
and EnCN/FAU/Prognos (2016), p. 40, Table 9 for maximum capacity expansions.

existing CHP capacity Max. investment
Federal state heat led market led market led
Baden-Wuerttemberg 224 382 3000
Bavaria 585 684 1000
Berlin 0 744 1000
Brandenburg 104 100 500
Bremen 0 445 1000
Hamburg 16 127 1000
Hesse 519 139 1000
Lower Saxony 279 334 1000
Mecklenburg-Western Pomerania 53 251 500
North Rhine-Westphalia 1487 3152 4000
Rhineland-Palatinate 1017 422 1000
Saarland 0 114 500
Saxony 73 465 1000
Saxony-Anhalt 593 97 500
Schleswig-Holstein 0 73 1000
Thuringia 0 371 500
Germany 4950 7900 limited to 7000

model by removing the existing capacities of heat-led CHP generators from the current generation
capacities and integrating them into the model as an exogenously given feed-in vector. For simplicity,
we assume a constant hourly production quantity. Endogenous capacity extension is not possible.

In contrast, market-led CHP generators are considered endogenously. For this purpose, existing
CHP generators coupled with CCGT are taken into account with lower marginal costs than CCGT
generators without CHP in the existing generator park. These lower marginal costs arise due to
additional income from the sale of heat. The marginal costs advantage for natural gas fired CHP
generators is assumed at an annual average of 20e/MWh; cf. EnCN/FAU/Prognos (2016), p. 40.
This value roughly takes into account the value of the decoupled heat as a means of various CHP
systems and operating modes occurring in practice. We assume a maximum installed capacity
of 20GW for natural gas CHP generators for the whole of Germany. Table 8 lists the existing
CHP generators and capacity limits for each federal state, which are based on technical restrictions
and heat demand. The limits assumed for the individual federal states cannot be used in total, as
otherwise the maximum potential assumed for Germany would be exceeded.

3.4. Investment costs. Since a representative year is considered in the model, investment costs
are considered as annuities in the analysis of investment decisions. The values used for conventional
electricity generators are based on Konstantin (2013), pp. 306 as well as 310, and are given in
Table 9.4 Since no further price changes are expected in the future for the investment and operational
costs of conventional generators (except inflation), the current costs can also be used for the analysis
of endogenous capacity expansions in 2035.

As the GATE model is calibrated for the year 2035, we assume that all RES generators which
are already built have to be repowered by 2035 due to an expected life span of 20 years. The
investment costs for renewable energies are based on Prognos (2013) and EnCN/FAU/Prognos
(2016). Spatially differentiated investment costs are assumed for wind onshore in order to take
into account the different conditions in the individual federal states. In order to achieve a certain

4Note that the annuities of investment costs in Table 9 also include the annual operational costs (see Section 3.5).
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Table 9. Investment, operational, and variable production costs of conventional
generators based on Konstantin (2013) and BNetzA (2014). ?The operational
costs of lignite include the fixed operational costs of the lignite-fired generators
(52 000e/MW) and the fixed costs of the opencast mine. Lignite-fired genera-
tors must also generate contribution margins to the fixed costs of the opencast
mine, which are assumed to be 49 500e/MW. In total, this results in costs of
101 500e/MW; cf. EnCN/FAU/Prognos (2016), p. 41.

Technology Investment cost Operational cost Fuel prices Variable cost
(e/MW) (e/MW) (e/MWhtherm) (e/MWh)

Lignite? 285 230 101 500 1.50 31.32–35.95
Hard coal 202 330 46 286 10.69 45.15–58.77
CCGT 80 100 16 500 29.00 55.95–68.24
GT 56 330 9333 29.00 89.90–111.90
CCGT with CHP 94 392 16 500 29.00 35.95–48.24

Table 10. Forecasted investment cost of renewable energies in 2035. Source:
EnCN/FAU/Prognos (2016), p. 42, Table 11.

Technology Investment cost System configuration
in 2035 (e/kW)

Photovoltaics 850 Silicon-based
roof systems DC-AC ratio of 1.2

Photovoltaics 600 Silicon-based
open space systems DC-AC ratio of 1.6

Wind onshore 1 1000 Hub height 80m
(HB, HH, MV, SH) 3MW, 100m rotor diameter

Wind onshore 2 1025 Hub height 80m
(BB, BE, NI, NW, ST) 3MW, 120m rotor diameter

Wind onshore 3 1100 Hub height 80 m
(BW) 2.5MW, 140m rotor diameter

Wind onshore 4 1075 Hub height 80m
(BY, HE, RP, SL, SN, TH) 2.5MW, 130m rotor diameter

Wind offshore 2700 Hub height 100m
8MW, 130m rotor diameter

amount of electricity per installed unit of wind, comparatively higher turbines with larger rotor
diameters and thus more expensive turbines must be built in regions with lower wind than in strong
wind areas. In the present analysis, there is a slight deviation from the approach of the NDP, where
a reference installation of 3MW is used; see German TSOs (2014c), p. 67. For consistency reasons,
the calculation of the utilization of the turbines for a hub height of 80m is retained—even though
this might be too low for the year 2035. A significantly higher hub height would lead to much more
full-load hours compared to the NDP and thus reduce the comparability of the results between
the NDP and this study. The assumptions regarding the system configurations together with the
investment costs are shown in Table 10.

Regarding wind offshore, identical investment costs for wind turbines in the North Sea and the
Baltic Sea are assumed for simplicity. In the Baltic Sea, lower water depths and coastal distances are
compensated by more complex building structures due to poorer soil conditions. The development
of investment costs, which is a continuation of the work of Prognos for the offshore wind industry,
cf. Prognos and Fichtner (2013), is presented in EnCN/FAU/Prognos (2016).

For photovoltaics (PV), silicon-based systems are assumed both for open space and for roof
systems. The cost assumptions were derived from Agora Energiewende (2015) and are given in
EnCN/FAU/Prognos (2016). For all newly built PV systems in 2035, we assume investment costs
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for open space systems of 600e/kW. The reason is that the renewable energy subsidy regimes,
which are not examined in our study, are mainly suitable for controlling the investment in open
space systems. Even with today’s remuneration rates, roof systems are no longer profitable via the
feed-in tariff and only become financially attractive in combination with other options, e.g., for
capturing self-consumption.

3.5. Operational costs. In order to be able to take into account decisions on the decommissioning
of conventional generators, the annual operational costs, which consist of maintenance costs,
personnel costs, insurance costs, and overheads, are considered for each technology; see Table 9.
Like the investment costs, these values are based on Konstantin (2013).

3.6. Variable production costs. The variable production costs of conventional generators consist
of fuel costs (see German TSOs (2014c), p. 61, Table 33), costs for CO2 emission certificates, and
transport costs of fossil fuels. Note that the latter only play a role for hard coal and are determined
for each federal state according to Figure 13 in Egerer et al. (2014). For calibrating the variable
costs of a certain generator, we have to consider its efficiency depending on technology and age
as well as the emission factor of the respective technology, which is given in Table 34 on p. 62 in
German TSOs (2014c). The prices of the CO2 emission certificates under the European Emissions
Trading System (EU ETS) are also taken from German TSOs (2014c), and are assumed to be
31.00e/t CO2 in 2035.

Using the efficiency values per technology and decade of commissioning from Table 8 of Egerer
et al. (2014), each generator of the generator list in German TSOs (2014a) can be assigned an
efficiency level depending on the time of commissioning. Therefore, the variable production costs of
generators of the same technology can vary considerably. In order to subsequently aggregate all
generators of the same technology within a federal state, the respective net nominal powers are
added. Variable production costs are calculated as the power-weighted average of the individual
variable costs.

4. Load Shedding and RES Curtailment

If quantities traded at the spot market cannot be served physically even after redispatch, it is
possible to switch on or off demand (i.e., positive or negative load shedding) in order to obtain a
feasible solution; cf. EnWG (2005), §13.2. To model the fact that load shedding is only carried
out in case that generation redispatch does not suffice, we assume costs for positive and negative
load shedding of 5000e/MWh, which corresponds to the VOLL (value of lost load) in Kunz and
Zerrahn (2015). This ensures the correct order of generation redispatch and load shedding. Note
that these costs are only used for calculation and are not included in welfare considerations, i.e.,
these costs are only used as penalties in the model’s objective function and are not considered in
our ex-post welfare analysis.

To calculate the TSOs’ network expenses and the resulting network fee in an ex-post analysis,
costs of 500e/MWh for negative load shedding and of 200e/MWh for positive load shedding are
assumed. The value for negative load shedding is within the scope given by the “Ordinance on
Agreements Concerning Interruptible Loads” in Germany (cf. AbLaV (2016), §4). The value for
positive load shedding results from own assumptions regarding incentives for flexible consumers (cf.
Ambrosius et al. (2018)).

In some model scenarios it is also possible to curtail renewable energy production as part of
the congestion management. In these scenarios, RES curtailment is possible at zero costs, which
corresponds to the variable costs of renewable energy production.

5. Neighboring Countries

Hourly demand functions for electricity exports and imports of the neighboring countries are
calibrated with the historical quantities traded across the border during the reference year 2014
and with the spot-market prices of the respective country. For DE, AT, CH, and FR we take these
prices from http://www.epexspot.com/de/marktdaten/auktionshandel, for CZ from http://
www.ote-cr.cz/statistics/yearly-market-report, for PL from http://wyniki.tge.pl/en/,
and for DK from http://www.nordpoolspot.com/historical-market-data. Since the prices are

http://www.epexspot.com/de/marktdaten/auktionshandel
http://www.ote-cr.cz/statistics/yearly-market-report
http://www.ote-cr.cz/statistics/yearly-market-report
http://wyniki.tge.pl/en/
http://www.nordpoolspot.com/historical-market-data
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Table 11. Thermal capacities and ATCs of considered cross-border interconnec-
tors. Source: Egerer et al. (2014), ENTSO-E (2015), and VDE (2014). ?Denmark
West is a zone within the price zones of Nord Pool. Denmark East is not connected
to Germany in this model.

From To Thermal Number ATC ATC
federal neighboring capacity of lines export import
state country (MW) (MW) (MW)
BW AT 3504 4 0 0
BW FR 3112 2 3025 1800
BW CH 13 416 7 1375 3989
BY AT 4888 8 0 0
BY CZ 2720 2 1400 2798
BB PL 784 1 145 711
NI NL 2720 1 2561 1700
NW NL 5440 3 2561 1700
SN CZ 2720 1 1400 2798
SN PL 2720 1 145 711
SH DK (West)? 3504 3 1500 1600
SH FR 3112 2 3025 1800

not publicly available for the Netherlands (NL), the French prices are used as an estimate as both
price patterns are very similar due to the close market coupling. The cross-border trading quantities
are taken from ENTSO-E (2015).5

The data on transmission capacities to neighboring countries are not completely available from a
single source and are partly contradictory. The modeling is essentially based on the map of VDE’s
German extra-high voltage grid (cf. VDE (2014)) and a list of existing interconnectors in Egerer
et al. (2014), p. 37, Table 11. Lines currently not yet completed or planned are not considered in
the modeling. The assumed line capacities are given in Table 11.

International trade takes place via explicit or implicit auctions, i.e., a separate market price is
set for each country in periods with scarce transmission capacity (the so-called available transfer
capabilities, ATCs) between both countries; see also Table 11.6 The ATCs are determined for both
directions as the maximum observed cross-border trading quantity. If there are two interconnectors
from different federal states to the same country, the table shows the same ATC values for both,
but on the spot market the sum of flows across all connections to the same country is limited by
only one of the two values shown.

Neither redispatch nor load shedding takes place abroad, i.e., all line congestion resulting from
physical network restrictions must be resolved by appropriate measures within Germany.
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